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1.0 Introduction 

The purpose of this report is to document a performance model for gas turbine combined 

cycle systems.  The model is intended for incorporation into the Integrated Environmental 

Control Model (IECM), which has been developed by Carnegie Mellon University (CMU) under 

sponsorship of the U.S. Department of Energy (e.g., Rubin et al., 1986, 1988, 1991, 1997; 

Berkenpas et al., 1999).  Under subcontract to CMU, North Carolina State University has 

developed the performance model for gas turbine combined cycle systems.  The performance 

model for the IECM builds upon experience from development of process simulation models of 

gas turbine systems in ASPEN (e.g., Frey and Rubin, 1990; Frey and Akunuri, 2001). 

Gas turbines have been widely used for power generation. A typical simple cycle, natural 

gas-fired turbine can obtain an efficiency of 35% or greater (Brooks, 2000). Most new power 

plants also use a heat recovery steam generator (HRSG) and steam turbine in addition to a gas 

turbine. When used together, gas and steam turbines constitute a combined cycle system. In a 

combined cycle system, the waste heat in the exhaust gas is recovered to generate high 

temperature steam for a steam turbine.  

The objective of this study was to develop a performance model of simple and combined 

cycle gas turbine power plants. The mass and energy balance models for simple cycle and 

combined cycle plants were implemented in an Excel spreadsheet.  The method for calibrating 

the models is discussed and illustrated with examples based on natural gas and syngas.   

The next section focuses on documentation of the performance model for a simple cycle 

gas turbine.  Section 3.0 documents the performance model for a combined cycle system.  The 

procedure for calibration of the gas turbine combined cycle model for both natural gas and 

syngas is demonstrated in Section 4.   
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2.0 Simple Cycle Gas Turbine Mass and Energy Balance Model 

The simple cycle gas turbine (SCGT) mass and energy balance model is based upon the 

air-standard Brayton cycle, as described in Wark (1983).  The case study examples are based 

upon data reported by General Electric for the Frame 7F gas turbine design (Brooks, 2000). 

A SCGT is comprised of three major components, including the compressor, combustor, 

and turbine, as shown in Figure 1.  Air, at ambient pressure, Pa, and ambient temperature, Ta, 

enters the compressor.  The ratio of the compressor exit pressure to the inlet ambient air pressure 

is defined as the pressure ratio, rp.  Compression takes place approximately adiabatically.  

Therefore, the temperature of the compressed air is higher than the ambient temperature of the 

inlet air.  The performance of an ideal adiabatic and isentropic compressor can be calculated 

using straight-forward thermodynamic principles.  However, because real compressors are 

subject to inefficiencies, their performance will not be as good as the ideal case.  Therefore, 

adiabatic compressor efficiency, ηc, is defined to more accurately represent the real world 

performance of a compressor.    

 

Figure 1.  Simplified Schematic Diagram of a Simple Cycle Gas Turbine 

The compressed air enters the combustor, where it is mixed with high pressure gaseous 

fuel.  The fuel and air are burned at essentially constant pressure.   The conventional fuel for 

SCGT systems is natural gas, which is comprised mostly of methane.  However, other fuels may 

be burned in a gas turbine, including syngas obtained from a gasification process.  Syngas 

typically contains carbon monoxide (CO), hydrogen (H2), methane (CH4), carbon dioxide (CO2), 

Compressor Turbine

Combustor 
Fuel
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Exhaust

Generator

Cooling Air 
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nitrogen (N2), and water vapor (H2O) as the primary constituents.  Syngases also may contain 

relatively small amounts of hydrogen sulfide (H2S), carbonyl sulfide (COS), and ammonia 

(NH3).  These latter three components are significant in terms of the formation of SO2 and NOx 

emissions, but are less important in terms of calculating the mass and energy balance of the 

system because they comprise only a small portion of the total fuel flow rate and the total fuel 

heating value.  The combustor typically has a small pressure drop.  Therefore, the exit pressure 

from the combustor is slightly less than that compared to the compressor outlet. 

The high pressure, hot product gases from the combustor enter the turbine, or expander, 

portion of the SCGT system.  In the turbine, the gases are reduced in pressure, resulting in a 

corresponding reduction in temperature.  The heat-removal process associated with expansion 

and cooling of the hot gases in the turbine results in an energy transfer from the gases to shaft 

work, leading to rotation of a shaft.   In many heavy duty SCGT designs, the compressor, 

turbine, and generator turn on the same shaft.  The turbine must supply enough rotational shaft 

energy to power the compressor.  The net difference between the work output of the turbine and 

the work input to the compressor is available for producing electricity in the generator.  The ratio 

of compressor work to turbine work is referred to as the back work ratio. The turbine inlet 

temperature is carefully controlled to prevent damage or fatigue of the first stage stator and rotor 

blades.  The turbine inlet temperature and the pressure ratio are the two most important 

parameters that impact system efficiency.   

As noted by Frey and Rubin (1991), the mass flow through a gas turbine is limited by the 

critical area of the turbine inlet nozzle.  The critical area of the turbine inlet nozzle is a constant 

for a given make and model of gas turbine.  Gas turbine operation on natural gas typically 

involves a relatively small fuel mass flow rate compared to the compressor mass flow rate.  

However, when operating on syngas, which may have a heating value substantially smaller than 

that of natural gas, a larger fuel mass flow rate is needed in order to supply approximately the 

same amount of energy to the gas turbine.  The mass fuel-to-air ratio will be larger for a low 

BTU fuel than for a high BTU fuel.  However, the total mass flow at the turbine inlet remains 

approximately the same.  Therefore, the mass flow at the compressor inlet must be reduced to 

compensate for the higher fuel-to-air ratios needed for low BTU syngases.   
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The mass flow at the turbine inlet nozzle is estimated, assuming choked flow conditions, 

based upon the following relationship (Frey and Rubin, 1991): 
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The reference values are determined based upon calibration with published data for gas turbine 

operation on natural gas.  The actual values are determined based upon the desired simulated 

conditions.  The pressure, temperature, and molecular weight in Equation (1) are evaluated at the 

turbine inlet nozzle as described in Section 2.3. 

The mass and energy balance for each of the following components are presented in the 

following sections:  (1) compressor; (2) combustor; (3) turbine; and (4) net power output.  The 

calculation of overall SCGT performance is also discussed. 

2.1 Compressor 
The compressor consists of three stages.  From each stage, a fraction of air is extracted 

for use in cooling various stages of the turbine.  

Figure 2. Simplified Diagram of a Three-Stage Compressor 

The outlet pressure of a compressor is specified by multiplying the pressure ratio and the 

inlet pressure: 

 PC,out = PC,in rp (2) 

Stage 1 

Air 1, 
mC,1,air   

Cooling 
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Cooling 
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Cooling 
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Air 2, 
mC,2,air 
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Air to Combustor, 
mair,comb   
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The pressure ratio for each stage (i=1 to 3) is estimated as: 

 rp,i = (rp)0.33 (3) 

The outlet pressures for the first, second, and third stage are estimated by the following: 

 PC,1, out   = PC,in (rp)0.33 (4) 

 PC,2, out   = PC,in (rp)0.67 (5) 

                                                             PC,3, out   = PC,in rp (6) 

The cooling air fractions split from three stages are specified as fa,1, fa,2, and fa,3 of the total air 

flow rate, respectively. Therefore, the air flow rates through three stages and the combustor are: 

 mC,1,air  = mair (7) 

 mC,2,air   = (1- fa,1) mair (8) 

 mC,3,air  = (1- fa,1- fa,2) mair (9) 

 mcomb,air  = (1- fa,1- fa,2 - fa,3)mair (10) 

For each stage, the outlet temperature is estimated via a multi-step procedure.  The first 

step is to estimate the entropy of the inlet air based upon a regression relationship of 

thermodynamic data as given in Figure 3: 

 4.1905ln(T)1.0327s ini,C, −=  (11) 

Based upon the estimated entropy of the inlet air and the pressure ratio, the entropy of the 

compressor outlet air is estimated: 

 )ln(r)
MW

R(ss iP,
air

ini,C,outi,C, +=  (12) 
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Figure 3.  Regression Results for Entropy as a Function of Temperature for Air 
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Figure 4.  Regression Results for Temperature as a Function of Entropy for Air 

For example, if the inlet temperature is 295 K, then the entropy of the inlet air is estimated to be 

1.682 kJ/(kg-K).  Suppose that the pressure ratio is 6 for a single stage of the compressor and that 

the molecular weight of air is approximately 29, based on an example case study reported in 

Wark (1993). The estimated outlet air entropy will be 2.196 kJ/(kg-K).  By comparison, the exact 

value reported in Wark (1993) for the same case is 2.199 kJ/(kg-K).  Thus, the regression-based 

approach utilized here agrees well with the published case study. 

Using the estimate of the entropy of the outlet air, a regression expression shown in 

Figure 4 is used to estimate the temperature of the outlet air.  
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 455.77s463.29s217.73T outi,C,
2

outi,C,outi,C, +−=  (13) 

In this example, the temperature is estimated to be 488 K, compared to a value of 490 K as 

reported by Wark (1983).  With knowledge of the temperature of the outlet air, the enthalpy of 

the outlet air is estimated based upon the regression expression shown in Figure 5.   

 hC,i,out,isentropic   = 0.0001T2 + 0.9302T + 11.687 (14) 

The estimated enthalpy is 489.9 kJ/kg, versus a reported value of 492.7 kJ/kg. This procedure is 

based upon an isentropic compressor. 

To take into account the irreversibilities in an actual compressor, the actual enthalpy of 

the outlet air is estimated based upon the following relationship: 

 
iC,

ini,C,isentropicout,i,C,
ini,C,outi,C,

hh
hh

η
−

+=  (15) 

For example, if the adiabatic compressor efficiency for stage i is assumed to be 0.82, then the 

estimated enthalpy at the outlet of stage i is: 

 hC,i,out  =  294.8 + (489.9-294.8)/ 0.82 = 532.7 kJ/kg 

The value reported by Wark (1983) is 536.1 kJ/kg.  Based upon the estimated enthalpy for the 

actual compressor outlet air, the actual outlet temperature is estimated based upon the regression 

Equation given in Figure 6.   

TC,i,out = -9×10-5hC,i,out + 1.0563hC,i,out – 9.0996                                        (16)      

The estimated outlet temperature is 528 K, versus a reported value of 532 K.  Thus, although 

there is some error in the estimation procedure, the result is within a few degrees of the reported 

value. The outlet temperature of stage i is treated as the inlet temperature of the next stage. The 

above computation is repeated and the outlet temperature for the last stage can be obtained. 
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Figure 5.  Regression Results for Enthalpy as a Function of Temperature for Air       
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Figure 6.  Regression Results for Temperature as a Function of Enthalpy for Air 

2.2 Combustor 

For the combustor, we assume that in general the fuel contains the following major 

components: 

• carbon monoxide (CO) 

• hydrogen (H2) 

• methane (CH4) 

• carbon dioxide (CO2) 

• nitrogen (N2) 

• water vapor (H2O)  
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Although syngas may also contain relatively small amounts of hydrogen sulfide (H2S), carbonyl 

sulfide (COS), and ammonia (NH3), we will assume that these three components contribute 

negligibly to the mass and energy balance.  These latter three components are significant in terms 

of the formation of SO2 and NOx emissions. 

The volume percent (or, equivalently, mole fraction) of each of the six major components 

will be known.  Therefore, a heating value can be estimated for the fuel.  Based upon data 

reported by Flagan and Seinfeld (1988), the enthalpy of reaction of CO is estimated as 283,400 

J/gmole, the enthalpy of reaction of H2 is estimated as 242,200 J/gmole, and the enthalpy of 

reaction of CH4 is estimated as 803,500 J/gmole.  These are estimated on a lower heating value 

basis, assuming that H2O produced is in the form of vapor.  The other three major components 

are assumed to be non-reactive.  The heating value of the fuel gas, on a J/gmole basis, is given 

by: 

 
4422 CHr,CHr,HHCOr,COfuelr, ∆hy∆hy∆hy∆h ++=   (17)  

The syngas is represented by a mixture of the six constituent gases.  Air is a mixture primarily of 

oxygen and nitrogen.  For every mole of oxygen in the air, there are approximately 3.76 moles of 

nitrogen.  The major products of combustion are carbon dioxide, water vapor, nitrogen, and 

excess oxygen.  Therefore, the mass balance for stoichiometric combustion is given by: 

 
                                        dNOcHCO b

3.76aNaOO]HyNyCOyCHyHyCOy[

222

222OH2N2CO4CH2HCO 22242

++

→+++++++
 (18) 

The mass balance is given on the basis of one mole of syngas mixture.  Thus, the units of each 

stoichiometric coefficient are moles of the respective compound per mole of syngas mixture.  

The mole fractions of each component in the syngas are known.  Therefore, the unknowns are 

the stoichiometric coefficients a, b, c, and d.  These can be solved using elemental balances: 

 Carbon:  byyy
24 COCHCO =++  

 Hydrogen:  c2y24yy2 OHCHH 242
=++  

 Oxygen:  cb2a2yy2y OHCOCO 22
+=+++  

 Nitrogen  2d3.76)a(2y2
2N =+  
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Based upon these four Equations, the solutions for a, b, c, and d are: 

 COCHH y
2
12yy

2
1 a

42
++=  (19) 

 
24 COCHCO yyyb ++=  (20) 

 OHCHH 242
y2yyc ++=  (21)  

 3.76ayd
2N +=  (22) 

However, gas turbine combustors operate with a significant amount of excess air.  The mass 

balance for the case with excess air can be developed based upon the stoichiometric mass 

balance by introducing a new variable for the fraction of excess air, ea.  The fraction of excess air 

is given by: 

etric air)(Stoichiom
r)ometric ai - stoichi(Total air

=ae                                              (23) 

The mass balance for excess air is: 

(24)                                            )O(a)(eNdOcHCO b

)Ne3.76a(1)Oea(1O]HyNyCOyCHyHyCOy[

2a222

2a2a2OH2N2CO4CH2HCO 22242

+′++

→+++++++++

 

The solutions for a, b, and c are the same as in Equations (12), (13), and (14).  The solution for d 

is replaced by the solution for d’: 

 )ea(13.76 y d aN2
++=′  (25) 

For example, suppose that a fuel contains, on a mole or volume percentage basis, 24.8% 

hydrogen, 39.5 % carbon dioxide, 1.5 % methane, 9.3 % carbon dioxide, 2.3 % nitrogen, and 

22.7 % water vapor.  Stoichiometric combustion of this fuel would require 0.3515 moles of 

oxygen per mole of syngas mixture, and 1.32 moles of nitrogen in the inlet air.  The exhaust gas 

would contain 0.50 moles of carbon dioxide, 0.50 moles of water vapor, and 1.34 moles of 

nitrogen, all based upon one mole of syngas combusted.  If the fuel were burned with 100 
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percent excess air, then the exhaust gas would contain 0.50 moles of carbon dioxide, 0.50 moles 

of water vapor, 2.67 moles of nitrogen, and 0.35 moles of oxygen, all based upon one mole of 

syngas combusted. 

The actual amount of air that is needed to combust the fuel depends upon the desired 

turbine inlet temperature.  Therefore, it is necessary to solve an energy balance in order to 

estimate the fuel to air ratio.  The turbine inlet temperature, TT,in, is a known design parameter.  

The temperature of the air from the compressor is known based upon the compressor pressure 

ratio and adiabatic compressor efficiency, as explained in the previous section.  The syngas 

temperature would also be known.  The only unknown is the excess air ratio.  Thus, the energy 

balance is: 

 

r,SGoutC,NaoutC,Oa

SGOHOHSGNNSGCOCO

SGCHCHSGHHSGCOCO

inT,OainT,NinT,OHinT,CO

∆h)(T)He3.76a(1)(T)Hea(1

)](THy)(THy)(THy

)(THy)(THy)(TH[y

)(T)H(a)(e)(THd)(TcH)(TbH

22

222222

4422

2222

=+−+

−++

+++

−+′++

 (26) 

Because all of the terms in this equation are known except for the excess air fraction, the 

equation can be rearranged in terms of excess air fraction as follows: 

 

SGr,outC,NaoutC,Oa

SGOHOHSGNNSGCOCO

SGCHCHSGHHSGCOCO

inT,OainT,NaNinT,OHinT,CO

∆h)(T)He3.76a(1)(T)Hea(1

 )](THy)(THy)(THy

)(THy)(THy)(TH[y

)(T)H(a)(e)(T)}Hea(1 3.76{y)(TcH)(TbH

22

222222

4422

22222

=+−+

−++

+++

−+++++

 (27) 

For convenience, we create the following groups of terms: 

 
)(THy)(THy)(THy

)(THy)(THy)(THyH

SGOHOHSGNNSGCOCO

SGCHCHSGHHSGCOCOfuel

222222

4422

++

+++=
                         (28) 

 )(T3.76aH)(TaHH outC,NoutC,Ostoichair, 22
+=  (29) 

  )(T H } a 3.76  {y  )(TH c  )(TH bH inT,NNinT,OHinT,COstoichproducts, 2222
+++=  (30) 
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The solution for the excess air fraction is given by: 

 
 )}](TH - )(T{H )}(TH - )(T[3.76{H a

 H-hHH

outC,OinT,OoutC,NinT,N

stoichproducts,fuelr,stoichair,fuel

2222
+

∆++
=ae  (31) 

For example, suppose that the turbine inlet temperature is specified as 1,100 K.  For the same 

syngas composition as previously assumed, and for the same compressor outlet temperature of 

528 K, the estimated excess air ratio is 4.218.  This excess air ratio was verified in two ways.  

First, the excess air ratio was substituted into the final mass balance, and an energy balance was 

calculated using Equation (19).  The energy balance was properly closed.  Second, the same 

assumptions were input into an independently developed spreadsheet that uses a different set of 

equations for estimating enthalpy.  The results agreed to within a few degrees for the predicted 

turbine inlet temperature calculated by the independent software.  

After the computation of excess air, the molar fraction per mole fuel gas of exhaust gas 

for the combustor can be estimated. 

 
242 COCHCOCOex, yyyy ++=  (32) 

 OHCHHOHex, 2422
y2yyy ++=  (33) 

 )y
2
12yy

2
1)(e3.76(1 y y COCHHaNNex, 4222

++++=  (34) 

 )y
2
12yy

2
1(ey COCHHaOex, 422

++=  (35) 

From Equation (1) in Section 2.0, the mass flow of exhaust gas out of the combustor or at 

the turbine inlet can be estimated. The actual and reference pressures in the turbine inlet are Pref 

= Pact = PT,in. For a specific design basis, the actual and reference temperatures are Tact = Tref = 

2,880 oR, which are converted from the firing temperature of 2,420 oF for a Frame 7FA+e gas 

turbine (Gebhardt, 2000). According to Equations (25) to (28), the molecular weight of mixture 

gas at the inlet of the turbine can be estimated as: 
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2222222 OOex,N2Nex,OHOHex,COCOex,act MWyMWyMWyMWyMW +++=     (36) 

The reference molecular weight is assumed to be MWref = 28.4. Therefore, the actual mass flow 

in the turbine inlet can be calculated by Equation (1). The reference mass flow is calibrated to 

make the result of the power output match the published value. The total mass flow through the 

combustor is the sum of the combustor air mass flow and fuel gas mass flow, which is the same 

as the actual mass flow to the turbine. 

 actaircomb,fuel mmm =+  (37) 

The mass flow of fuel gas is calculated using the following equations. First, the molecular weight 

of fuel gas can be estimated as: 

  MWyMWyMWyMWyMWyMWyMW OHOHN2NCOCOCHCHHHCOCOfuel 222224422
+++++= (38) 

The ratio of fuel to air required for combustion can be calculated as: 

 
22 NaOa

fuel
airf, MW)ea(13.76MW)ea(1

MW
r

+++
=  (39) 

Since the actual mass flow to the turbine is the sum of combustor air mass flow and fuel gas 

mass flow, the mass ratio of fuel and the actual mass flow to the turbine is: 

 
airf,

airf,
actf, r1

r
r

+
=  (40) 

Therefore, the mass flow of fuel can be estimated as: 

 actf,actfuel rmm ×=  (41) 

The mole flow rate of fuel gas is estimated based on the following equation: 

 
fuel

fuel
fuel MW

m
M =  (42) 

The combustor air mass flow is estimated as: 

 fuelactaircomb, mmm −=  (43) 
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Therefore, based on Equation (12) and the combustor air mass flow, the total mass flow of air to 

the combustor is estimated as: 

 
a,3a,2a,1

fuelact
air fff1

mm
m

−−−
−

=  (44) 

2.3 Turbine 

The energy balance for the turbine is estimated in a manner similar to that for the 

compressor.  However, a key difference is that the exhaust gas is not air, and therefore the 

thermodynamic data for air is not applicable for use with the turbine. In addition, pressure losses 

in the combustor and the turbine back pressure must be accounted for when estimating the work 

capability of the turbine.  

 The turbine consists of three stages. The cooling air from the compressor is injected into 

the outlet flow from each stage. The conceptual diagram is shown in Figure 7. The pressure at 

the combustor outlet, which is assumed to be the same as the turbine inlet pressure, is given by: 

 PC,out = PT,in = Pa(rp) - ∆pcomb (45) 

 

Figure 7. Simplified Diagram of a Three-Stage Turbine 

The pressure at the turbine outlet is given by: 

 PT,out = Pa + ∆pback (46) 

Therefore, the pressure ratio for the turbine is given by: 

Stage 1 

Exhaust from 
Combustor, 

mact 

Cooling 
Air 1, ma,1 

Cooling 
Air 2, ma,2

Cooling 
Air 3, ma,3 

Outlet 1, 
mT,1,out Exhaust 

Gas, mT,out  Stage 2 Stage 3

Outlet 2, 
mT,2,out

Outlet 3, 
mT,3,out 
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)∆p(P
)∆pr(P

P
P

r
backa

combPa

outT,

inT,
turbp, +

−
==  (47) 

The pressure ratio for each stage of the turbine is the same and is estimated as: 

 rp,turb,i = (rp,turb)0.33 (48) 

For each stage, the outlet pressure is estimated as: 

 0.33
turbP,

inT,
outT,1, )(r

P
P =  (49) 

 670.
turbP,

inT,
out,2T, )(r

P
P =  (50) 

 
turbP,

inT,
out,3T, r

P
P =  (51) 

For each stage of the turbine, the cooling air is injected and mixed with the exhaust from the 

previous stage. Therefore, the mass flow rate through each stage and at the turbine outlet is: 

 mT,1,out = mact (52) 

 mT,2,out = mact + mair fa,1 (53) 

 mT,3,out = mact + mair (fa,1 + fa,2) (54) 

 mT,out  = mact+ mair (fa,1 + fa,2 + fa,3) (55) 

For each stage, the turbine outlet temperature is calculated. Because nitrogen comprises 

approximately 70 percent or more (by volume) of the exhaust gases from the gas turbine, we use 

nitrogen as the basis for the calculations to determine the turbine exhaust temperature.  Figures 8 

and 9 display the regression equations for entropy as a function of temperature, and for 

temperature as a function of entropy, respectively.  The entropy at the turbine inlet is estimated 

based upon the turbine inlet temperature.   
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sT,i,in   = 3.0044T0.1443                                                         (56) 

For example, if the turbine inlet temperature is 1,100 K, then the estimated entropy from the 

equation in Figure 8 is 8.253 kJ/kg-K.  The entropy at the stage outlet is estimated as: 

 )
r

1)ln(
MW

R(ss
turbi,P,N

ini,T,outi,T,
2

+=  (57) 

If the stage pressure ratio is equal to 6, then the entropy is estimated to be:  

sT,i,out = 8.253 + 8.3144/28 ln(1/6) = 7.721 kJ/kg-K 

At this value of entropy, the turbine outlet temperature is calculated, based upon the regression 

equation given in Figure 9.   

 TT,i,out   = 4.9161×10-4(sT,i,out)6.9277 (58)  

The temperature is estimated to be 694 K.  This temperature is exactly the same as that reported 

by Wark (1983) for a similar calculation based upon air.  If the turbine is not isentropic, then the 

turbine outlet temperature will be higher than the predicted value based upon isentropic 

calculation. 

The isentropic turbine work output is given by the difference between the enthalpies of 

the inlet and outlet under isentropic conditions.  The enthalpy of exhaust gas is estimated based 

on the regression equation shown in Figure 10. 

hT,i, out,isentropic = 5.9731×10-5 T2 +1.0373 T - 10.1939                                 (59) 

The estimated enthalpy is 738.5kJ/kg when the outlet temperature is 694 K. This 

procedure is based on an isentropic turbine.  If the inlet temperature is 1,100 K, then the enthalpy 

at turbine inlet is estimated to be: 

hT, in = 5.9731×10-5×1100 2 +1.0373×1100 - 10.1939 = 1,203.1 kJ/kg 
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Figure 8.  Regression Results for Entropy as a Function of Temperature for Nitrogen (N2) 
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Figure 9.  Regression Results for Temperature as a Function of Entropy for Nitrogen (N2) 
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Figure 10.  Regression Results for Enthalpy as a Function of Temperature for Nitrogen (N2) 



 18

      

y = -3E-05x2 + 0.9374x + 17.322
R2 = 0.9999

0

500

1000

1500

2000

2500

3000

3500

0 500 1000 1500 2000 2500 3000 3500 4000
Enthalpy (kJ/kg)

Te
m

pe
ra

tu
re

 (K
)

 

Figure 11.  Regression Results for Temperature as a Function of Enthalpy for Nitrogen (N2) 

To take into account the efficiency of an actual expander, the actual enthalpy of the outlet gas is 

estimated based on the following relationship: 

hT,i,out = hT,i,in + (hT, i, out, isentropic - hT, i, in)ηTi,                                         (60) 

If the adiabatic turbine efficiency is assumed to be 0.95, then the estimated enthalpy at the 

turbine outlet is: 

hT, i,out = 1,203.1 + (738.5 – 1,203.1)×0.95 = 761.7kJ/kg 

The actual temperature at the stage outlet is estimated based upon the regression expression 

shown in Figure 11.       

 117.322h0.9347h103.2769T outi,T,
2

outi,T,
5

outi,T, ++×−= −  (61) 

After each stage, the cooling air is mixed with the exhaust flow. The mixture temperature 

is estimated based on the specific heat and the mass flow of the streams in the mixture: 

 
outi,p,outi,T,airp,ia,air

outi,T,outi,p,outi,T,ia,airp,ia,air
in1,iT, cmc)f(m

TcmTc)f(m
T

+

+
=+  (62) 
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The mixture temperature is treated as the inlet temperature for next the stage. After the third 

stage of the turbine, the mixture temperature is the exhaust temperature of the gas turbine. 

2.4 Net Power Output  

The net electricity power produced by the gas turbine is based on the net shaft energy 

produced by the turbine minus the shaft energy consumed by the compressor.  

The compressor work requirement is estimated based on the amount of air needed per 

mole fuel gas combusted and the enthalpy difference between the outlet and inlet of the 

compressor. The air mainly consists of nitrogen and oxygen and other minor components are 

ignored. Using the IECM enthalpy function, the oxygen and nitrogen enthalpies are estimated as 

a function of temperature. For each stage of the compressor, the inlet temperature and the outlet 

temperature are computed. The enthalpy difference per mole syngas of the first stage is 

computed as: 

  )](Th  )(T[hy  )](Th )(T[hyh ini, C,Oout i,C,OOair,i,C,ini, C,Nouti, C,NNair, i,c,iC, 222222
−+−=∆  (63) 

For the first stage, the flow fraction of nitrogen and oxygen per mole syngas is estimated as: 

 
a,3a,2a,1

a
Oair, c,1, fff1

)ea(1
y

2 −−−
+

=  (64) 

 
22 Oair,c,1,Nair, c,1, y3.76y =  (65) 

Since the nitrogen flow rate can be computed based on that of oxygen, only the computation of 

the oxygen flow fraction is listed for the other stages. For the second and the third stages, the 

oxygen molar fraction per mole syngas is estimated as: 

 
a,3a,2a,1

a,1a
Oair, c,2, fff1

)f)(1ea(1
y

2 −−−

−+
=  (66) 

 
a,3a,2a,1

a,2a,1a
Oair, c,3, fff1

)ff)(1ea(1
y

2 −−−

−−+
=  (67) 



 20

Therefore, the total enthalpy difference for the compressor is: 

 C,3C,2C,1C hhhh ∆+∆+∆=∆  (68) 

From each stage, part of the air is extracted from the outlet air and injected into the turbine for 

cooling. The cooling air molar flow per mole syngas is computed as: 

 
a,3a,2a,1

ia,a
Oi,a, fff1

f)ea(1
y

2 −−−

+
=  (69) 

The turbine work is estimated based on the amount of exhaust gas produced per mole 

fuel. The exhaust gas mainly consists of carbon dioxide (CO2), steam (H2O), nitrogen (N2), and 

oxygen (O2). The enthalpy functions of carbon dioxide and steam are listed in Appendix I. The 

amount of exhaust gas per mole fuel is estimated based on the equations in the combustor 

section. The inlet temperature and the outlet temperature for each stage of the turbine are 

estimated in the previous section. The enthalpy difference per mole syngas in each stage is 

estimated as: 

 
 )](Th - )(T[hy  )](Th - )(T[hy   

)](Th-)(T[h y )](Th - )(T[hyh

outi, T,Oini, T,OOi,T,outi, T,Nini, T,NNi,T,

outi, T,OHini, T,OHOHi,T,outi, T,COini, T,COCOi,T,iT,

222222

222222

++

+=∆
  (70) 

For the first stage, the mass flow of each component per mole syngas is the same as that of the 

exhaust gas from the combustor, which is computed in Equations (32) to (35). For carbon 

dioxide and steam, the flow rates per mole syngas are the same in each of the three stages. 

 
242 COCHCOCOi,T, yyyy ++=  (71) 

 OHCHHOHi,T, 2422
y2yyy ++=  (72) 

The flow rates of nitrogen and oxygen are changed by air injection from the compressor. 

Therefore, the amount of each gas per mole syngas for each stage is:  

 )y
2
12yy

2
1)(e3.76(1 y y COCHHaNNT,1, 4222

++++=  (73) 
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2
12yy

2
1(e y +++=  (77) 

 )y(y)y
2
1y2y

2
1(e y

22422 Oa,2,Oa,1,COCHHaOT,3, ++++=  (78) 

For the exhaust from the turbine, the nitrogen and oxygen flows are given by: 

 )yy3.76(y)y
2
1y2y

2
1)(e3.76(1y y

2224222 O,3,Oa,2,Oa,1,COCHHaNNout,T, a+++++++=  (79) 

 )yy(y)y
2
1y2y

2
1(e y

222422 Oa,3,Oa,2,Oa,1,COCHHaOout,T, +++++=  (80) 

Therefore, the total enthalpy difference for the compressor is: 

 T,3T,2T,1T hhhh ∆+∆+∆=∆  (81) 

The net shaft work per mole fuel is estimated based on the differences in work between 

the compressor and turbine. Furthermore, the generator is subject to inefficiencies. The generator 

efficiency ηs can be calibrated to calculate the actual generator output. Therefore, the actual shaft 

work is estimated as: 

QS = (∆hT – ∆hC)ηS Mfuel                                                     (82) 

where the shaft work is in units of BTU/hr. 

The lower heating value (LHV) of fuel is estimated to be: 
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fuel

SGr,

MW
∆h

LHV =  (83) 

The total energy input of the system is estimated based on the heating value and the mass flow of 

fuel: 

Qfuel = mfuel LHV                                                           (84) 

The simple cycle efficiency is computed as: 

 
fuel

S

Q
Q

=SCη  (85)  

The net electricity produced in the simple cycle is estimated to be: 

 fuelSSC MH3.414W =  (86) 

where the net electricity is in units of MW. 
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3.0 Combined Cycle Gas Turbine Mass and Energy Balance 

A combined cycle gas turbine (CCGT) is comprised of a gas turbine and a steam cycle. 

The gas turbine model has been introduced in the previous section. The steam cycle consists of a 

heat recovery steam generator, a steam turbine, and other auxiliary parts. The exhaust gas from 

the gas turbine flows through a series of heat exchangers in the HRSG. The high temperature 

exhaust gas from the gas turbine is cooled to heat superheated steam, saturated steam, and boiler 

feedwater via a series of heat exchangers. The cooled flue gas is exhausted from the stack. A 

substantial portion of the steam is sent to the steam turbine and expanded through several stages. 

The shaft work is converted into electricity by the generator. The combined cycle system overall 

performance model is presented in this section. 

The energy recovered from the exhaust gas into the HRSG is estimated by the difference 

in inlet and outlet exhaust gas enthalpy. The exhaust gas mainly consists of carbon dioxide 

(CO2), steam (H2O), nitrogen (N2), and oxygen (O2). The HRSG inlet temperature is the gas 

turbine outlet temperature. Thus, the HRSG outlet temperature is known. The equations for 

enthalpy computation have been introduced in the previous section. The total enthalpy difference 

associated with heat recovery per mole fuel gas is estimated based on the exhaust from the 

turbine: 

 

 )](Th - )(T[hy  )](Th - )(T[hy   

)](Th-)(T[h y )](Th - )(T[hy

∆hy∆hy∆hy∆hy∆h

out H,Oout T,OOout,T,out H,Nout T,NNout,T,

out H,OHout T,OHOHout,T,out H,COout T,COCOout,T,

OOout,T,NNout,T,OHOHout,T,COCOout,T,H

222222

222222

22222222
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+=

+++=

 (87)  

For a natural gas fueled combined cycle, the total energy input to the HRSG or the steam cycle 

is: 

QH,NGCC = ∆hHMfuel                                                               (88) 

where the energy input is in units of BTU/hr.  

For a combined cycle used in an IGCC plant, the total heat input to the HRSG should 

take into account the heat obtained from high and low temperature cooling of syngas between the 

gasifier outlet and the gas turbine inlet. In addition, the thermal energy due to steam or water 
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injection, for purposes of syngas humidification, should be deducted. A significant fraction of the 

thermal energy from the gas cooling is recovered to generate steam and hot water for the steam 

cycle. Buchanan et al. (1998) mentioned that the high pressure saturated steam is generated in 

the gas cooler and is joined with the main steam supply. A similar process for syngas cooling is 

also described by Bechtel et al. (2002). Since there is some heat loss in the process of syngas 

cooling and part of the heat is used in other process, it is assumed that 90% of the heat from 

syngas cooling is recovered in the steam cycle. This assumption is discussed in Section 4.2.  

 QH,IGCC = ∆hHMfuel + fcooling∆hcoolingMfuel - hmoisture  (89) 

The heat from gas cooling is computed based on the clean dry syngas composition and the 

temperature drop during cooling. Assuming that the syngas at the exit temperature of a gasifier is 

cooled down to the inlet temperature of the combustor, and that the cleaned syngas composition 

is known, the sensible heat is estimated as: 
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 (90) 

where, 

TG,out = Syngas temperature at the gasifier outlet (oR) 

Tfuel,in = Syngas temperature at the combustor inlet (oR) 

The sensible heat of injected steam or water is estimated based on the enthalpy of saturated water 

and the enthalpy of vaporization. When the water injection is selected, the heat of the water is 

deducted from the total heat input to the steam cycle. The water in the syngas is heated to steam. 

The heat for vaporization is from the gas cooling. Therefore, the total heat deduction due to the 

water injection is the heat of water and the heat of vaporization. When the steam injection is 

selected, the heat of saturated steam is the same as the sum of the heat of saturated water and 

vaporization. Therefore, the heat deduction of water injection or steam injection is estimated as 

the following: 
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where, 

MWH2O = Molar Weight of H2O, 18.015 lb/mole. 

hf  = Enthalpy of saturated water (Btu/lb) 

hfg = Enthalpy of vaporization (Btu/lb) 

hg = Enthalpy of saturated steam (Btu/lb) 

The power generated from the steam turbine in the combined cycle is dependent on the 

heat rate of the steam cycle, HR: 

 
HR

Q1000W H
ST =  (92) 

where the power is in units of MW. 

Therefore, the total energy output from the combined cycle is the sum of the electricity 

generated from the simple cycle gas turbine and that of the steam turbine in the combined cycle. 

WCC = WSC + WST                                                           (93)   

The total system energy input is computed based on the simple cycle output and simple cycle 

efficiency, which is computed in Section 2.4. Therefore, the combined cycle efficiency is 

computed as: 

 
SC

CC

W
W SC

CC
η

η =  (94)
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4.0 Calibration of the Performance Model 

This section documents the calibration of the gas turbine model based upon data for 

“Frame 7F” heavy duty gas turbines fueled with natural gas and syngas. In addition, the results 

of the sensitivity analysis with alternative syngas compositions are reported. 

4.1 Natural Gas 

A case study of a combined cycle GE 7FA+e gas turbine was used as the basis for 

calibrating the gas turbine model. In Table 1, the main specifications for the gas turbine and 

steam cycle are listed. Natural gas was used as the fuel for this case study. For simplicity, natural 

gas was assumed to be 100% CH4. The air extraction from the compressor was assumed to be 

12%. The compressor is divided into three stages. The air extraction fractions from three stages 

are 3%, 3%, and 6%, respectively (Frey and Rubin, 1991). The ambient condition is 288 K (59 

F) and 14.7 psia, which are the International Standard Organization (ISO) conditions for the gas 

turbine industry (Brooks, 2000). 

 
In Table 1, the reference mass flow at the inlet of the turbine, adiabatic compressor 

efficiency, adiabatic turbine efficiency, and the heat rate of the steam cycle were selected during 

calibration of the model. In order to calibrate the model, selected parameters were varied to 

closely match published values for key outputs of system performance. Specifically, the 

adiabatic efficiency for the turbine and compressor were varied in order to match the published 

gas turbine exhaust temperature and simple cycle efficiency. The reference mass flow at the 

turbine inlet was varied in order to match the published power output of the gas turbine. The 

exhaust temperature affects the heat recovery in the HRSG.  

 

After the reference mass flow and turbine adiabatic efficiency were calibrated, the 

adiabatic compressor efficiency was varied to match the reported simple cycle efficiency. The 

simple cycle efficiency affects the fuel use per unit of useful output. The heat rate of the 

combined cycle was varied to match the published value for combined cycle efficiency because 

the heat rate of the steam cycle affects the power output of the steam turbine. Thus, four 

unknown parameters, turbine inlet reference mass flow, adiabatic compressor efficiency, 

adiabatic turbine efficiency, and the steam cycle heat rate, were varied to match the exact 
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reported values of four outputs, including simple cycle power output, simple cycle efficiency, 

exhaust temperature, and combined cycle efficiency. Therefore, there may not  

 

Table 1. Main Input Specifications of the Combined Cycle model 
Description Value 
Ambient Pressure, psia 14.7 
Ambient Temperature, K 288 
Compressor Pressure Ratio 15.7a 
Combustor Pressure Drop, psia 4 
Turbine Back Pressure, psia 2 
Turbine Inlet Temperature, K 1600a 
Turbine Inlet Reference Mass Flow, lb/hr 3,159,000 b 
Cooling Air Extraction Fraction, % 12 
Adiabatic Compressor Efficiency 0.9285b 
Adiabatic Turbine Efficiency 0.8485b 
Shaft/Generator Efficiency 0.98 
Steam Cycle Heat Rate, BTU/kWh 8960b 
HRSG Outlet Temperature, oF 238c 
Fuel Composition, vol% Value 
CH4 100 
a Brooks, F.J. (2000), GER-3567H, GE Power Systems 
b Values selected based on a calibration process 
c Bechtel et al. (2002). The flue gas temperature is 238 oF in a 7FA+e gas turbine combined cycle.  

exist an exact match for other outputs, such as the exhaust mass flow and the combined cycle 

power output. 

The curves shown in Figure 12 represent the calibration process for selecting the 

adiabatic compressor efficiency and turbine efficiency of a simple cycle gas turbine model. For a 

GE 7FA gas turbine, the published values include an exhaust temperature of 1,119 F, a simple 

cycle LHV efficiency of 36.47%, and a power output of 171.7 MW (Brooks, 2000). From Figure 

10(a), the adiabatic turbine efficiency of 0.8485 was selected to obtain the desired exhaust 

temperature. To obtain the simple cycle efficiency of 36.47%, the adiabatic compressor 

efficiency of 0.9285 was selected.  After selecting the adiabatic efficiencies for the turbine and 

compressor, the reference mass flow at the turbine inlet was adjusted to obtain the desired power 

output. The estimated power output for a simple cycle system was 171.7 MW. 
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Figure 12. Calibration of the Gas Turbine Model – plots of (a) Exhaust Temperature, (b) Simple 
Cycle Efficiency, and (c) Simple Cycle Output versus Adiabatic Compressor Efficiency of Gas 
Turbine. 
Note: ET = Adiabatic Turbine Efficiency of Gas Turbine 
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Table 2. Main Results and Comparison to Published Value based on Natural Gas    
Variable Predicted Published Value a Relative Difference 
Simple Cycle Heat Rate, BTU/kWh 9,360 9,360 0 
Gas Turbine Power Output, MW 171.7 171.7 0 
Air Flow, lb/hr 3,499,800 3,431,000 b 2.0% 
Exhaust Flow, lb/hr 3,574,000 3,543,000 0.9% 
Exhaust Temperature, oF 1,119 1,119 0 
Combined Cycle Power Output, MW 266.0 262.6 1.3% 
Combined Cycle Efficiency, %LHV 56.5 56.5 0 

a Brooks, F.J. (2000), GER-3567H, GE Power Systems. 
b Matta, et al. (2000), GER-3935B, GE Power Systems 

Results based on natural gas match the published data reasonably well, as shown in Table 

2. The predicted values for the simple cycle heat rate, simple cycle power output, exhaust 

temperature, and combined cycle efficiency are exactly the same as the published values because 

of the calibration process. The relative differences between predicted and reported gas turbine 

exhaust flow and combined cycle power output are only approximately one to two percent. The 

results indicate the gas turbine model can predict the performance of the actual gas turbine well. 

4.2 Syngas 

For the case study of syngas, a design study for a nominal 1,100 MW coal IGCC power 

plant was selected as the basis for calibration (Bechtel et al., 2002). Four GE 7FA+e combustion 

turbines are used in this plant. The gas turbines produce 840 MW and the steam turbines produce 

465.2 MW.  The net power generation is 1154.6 MW. The GE 7FA+e gas turbine and HRSG 

systems have a total stack exhaust flow rate of 15,928,800 lb/hr at 238 oF. The dry syngas input 

to the gas turbine is 1,741,575 lb/hr. The steam injection to the gas turbine is 1,037,800 lb/hr. 

The performance data for a single train of a 7FA+e gas turbine combined cycle was computed 

based on the data provided in the report. The main inputs in the spreadsheet model are listed in 

Table 3. 

From the design study, the heat input to the gas turbine (LHV) was reported to be 7,184 

×106 Btu/hr (Bechtel et al., 2002). Therefore, the heat rate for the simple cycle of the 7FA+e gas 

turbine is: 

Btu/kWh528,5
kW/MW1000MW840

Btu/hr107184HR
6

SC =
×
×

=  
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Table 3. Main Input Specifications of the Combined Cycle Model based on Syngas 
Description Value 
Ambient Pressure, psia 14.7 
Ambient Temperature, K 288 
Compressor Pressure Ratio 15.7a 
Combustor Pressure Drop, psia 4 
Turbine Back Pressure, psia 2 
Turbine Inlet Temperature, K 1600a 
Turbine Inlet Reference Mass Flow, lb/hr 3,612,000 b 
Cooling Air Extraction Fraction, % 12 
Adiabatic Compressor Efficiency 0.774b 
Adiabatic Turbine Efficiency 0.872b 
Shaft/Generator Efficiency 0.98 
Steam Cycle Heat Rate, BTU/kWh 9,150 
HRSG Outlet Temperature, oF 238 c 
Fuel Composition, vol% Value c 
CH4 0.53 
CO 27.75 
H2 19.98 
CO2 8.59 
N2 + Ar 1.58 
H2O 41.57 
LHV, Btu/lb 2,831 
Temperature, oF 530 

a Brooks, F.J. (2000), GER-3567H, GE Power Systems 
b Values selected based on a calibration process 
c Bechtel, et. al, (2002). The syngas composition is computed based on clean gas composition and steam injection, 
which is listed in Appendix.  

The exhaust flow for a single train of a 7FA+e gas turbine is: 

lb/hr3,982,200
4

lb/hr15,928,800mex ==  

The power outputs for a single gas turbine combined cycle system are: 

MW210
4
MW840WGT ==  

MW3.161
4
MW2.465WST ==  

MW3.326MW3.161MW210WWW STGTCC =+=+=  
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The efficiency of 7FA gas turbine combined cycle system is computed based on the heat input of 

the fuel: 

%0.26100%
kWh/Btu102.93Btu/hr107184
kW/MW10MW)2.465MW840(η 46

3

CC =×
×××
×+

= −  

The same calibration method used in the case of natural gas is applied in the case of 

syngas. For a GE 7FA+e gas turbine based on syngas, the estimated key measures of 

performance are a simple cycle LHV efficiency of 39.93%, and a power output of 210 MW. The 

constraint for exhaust temperature is less than 1,120 oF (Holt, 1998). For convenience, the 

exhaust temperature was assumed to the same as that of natural gas, or 1,119 oF.  In Figure 13, 

an adiabatic turbine efficiency of 0.872 and an adiabatic compressor efficiency of 0.774 were 

selected to obtain the desired exhaust temperature and the simple cycle efficiency, respectively.  

The reference mass flow at the turbine inlet was adjusted to obtain the desired power output.  

To calibrate the heat rate of the steam cycle for a gas turbine combined cycle fired with 

syngas, the heat input to the steam cycle first needed to be estimated. As described in Section 

3.0, the heat content of the steam used for syngas moisturization should be deducted from the 

total heat input to the HRSG since it is not available for the purpose of power production from 

the steam turbine. The pressure of steam used for injection in a 7FA+e gas turbine combined 

cycle is 400 psi (Amick et al., 2002). The enthalpy of saturated steam at 400 psia is 1205.5 

Btu/lb (Wark, 1983).  

Another part of heat that needed to be estimated was the heat recovered from high 

temperature and low temperature gas cooling processes in an IGCC system. In the design study 

used as the calibration basis, an E-Gas (Destec) gasifier was used (Bechtel et al., 2002). An E-

Gas gasifier is an entrained-flow gasifier. The typical temperature of syngas out of the gasifier is 

1950 oF (Buchanan, et al., 1998). After gas cooling, the syngas is sent to the gas turbine at a 

temperature of 530 oF (Bechtel et al., 2002). A significant fraction of the sensible heat in the hot 

gas is recovered by producing high temperature saturated steam, which is sent to the steam cycle. 

Thus, it can be assumed that a fraction of the sensible heat of cooling syngas from 1,950 oF to 

530 oF is recovered by the steam cycle. However, the value of the fraction of heat recovery is not 

reported in the design study. Therefore, the selection of the fraction value is based on the model 
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results of a similar Texaco gasifier-based IGCC system in ASPEN Plus and the result of the 

steam cycle heat rate after calibration. The fraction of heat recovered from syngas cooling in the 

ASPEN  

Table 4. Main Results and Comparison to Published Value based on Syngas    
Variable Predicted Published Value a Relative Difference 
Simple Cycle Heat Rate, BTU/kWh 8,550 8,552 0 
Gas Turbine Power Output, MW 210 210 0 
Air Flow Rate, lb/hr 3,381,000 N/A -- 
Exhaust Flow, lb/hr 4,014,700 3,982,200 0.8% 
Exhaust Temp., oF 1,119 <1,120 c -- 
Steam Turbine Power Output, MW 116.5 116.3 -0.1% 
Combined Cycle Power Output, MW 326.4 326.3 0.03% 
Combined Cycle Efficiency, %LHV 62.0 62.0 0 

a Bechtel Corporation, Global Energy Inc., and Nexant Inc. (2002), Contract No. DE-AC26-99FT40342, Task 1 
Topical Report, IGCC Plant Cost Optimization, prepared for the U.S. Department of Energy. The outputs are 
converted to represent single 7FA+e gas turbine combined cycle.  
b Holt, N. (1998), 1998 Gasification Technologies Conference 
 
model is about 0.9. The reference value of the steam cycle heat rate is generally 9,000 Btu/kWh 

(Buchanan et al., 1998). Thus, the initial value of the heat recovery fraction was assumed to be 

0.9. The total heat input into the steam cycle was estimated. To match the published combined 

cycle efficiency, a steam cycle heat rate of 9,150 Btu/hr was selected, which is close to 9,000 

Btu/kWh. Therefore, the fraction of 0.9 was considered to be a reasonable value for estimating 

heat recovery from gas cooling in the steam cycle. 

In Table 4, the model results after calibration are listed. The predicted values match the 

reference values well. The result of the combined cycle power output is very close to the 

published values. It also indicates that the values for the heat recovery fraction and the steam 

cycle heat rate are reasonable. 
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Figure 13. Calibration of the Gas Turbine Model – plots of (a) Exhaust Temperature, (b) Simple 
Cycle Efficiency, and (c) Simple Cycle Output versus Adiabatic Compressor Efficiency of Gas 
Turbine. 
Note: ET = Adiabatic Turbine Efficiency of Gas Turbine 
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4.3 Discussion of Calibration Results 

In this section, the calibration results of the gas turbine model based on natural gas and 

syngas are compared and discussed.  The calibration results include the turbine inlet reference 

mass flow, adiabatic compressor efficiency, adiabatic turbine efficiency, and the steam cycle 

heat rate. 

In the natural gas-fired gas turbine combined cycle, the turbine inlet reference mass flow 

is 3,159,000 lb/hr. In the syngas-fired gas turbine combined cycle, the turbine inlet reference 

mass flow is 3,612,000 lb/hr. The difference of turbine inlet mass flows for the two cases is due 

to the difference in fuel type. According to Brdar and Jones (2000), gas turbines fired on syngas 

have significantly larger flow rates compared to those fired on natural gas. This is due to the low 

heating value of syngas compared to natural gas, and to the composition of the combustion 

product passing through the turbine. To obtain the same turbine inlet temperature as natural gas, 

the flow rate of syngas is much higher than that of natural gas. Therefore, the estimated 

difference between the turbine inlet reference flow rate of natural gas and syngas is reasonable. 

The exhaust gas flow rate is mainly decided by the calibration result of the turbine reference 

mass flow. The results for the exhaust gas flow of the two case studies both match the related 

published values well. This indicates that the calibration results for turbine inlet mass flow for 

both fuels are reasonable. 

For natural gas, the adiabatic efficiencies for the compressor and turbine are 0.9285 and 

0.8485, respectively. The heat rate of the steam cycle is 8,960 Btu/kWh.  For syngas, the 

adiabatic efficiencies for the compressor and turbine are 0.774 and 0.872, respectively, and the 

calibration result for the steam cycle heat rate is 9,150 Btu/kWh. Compared to the case of natural 

gas, there is a significant increase of the flow rate of syngas. However, the air flow to the 

compressor for the syngas case is 3,381,000 lb/hr, which is lower than that of the natural gas 

case, or 3,499,800 lb/hr.  Since there is less air flowing through the compressor in the syngas 

case, the efficiency of the compressor for the syngas case is lower than that of natural gas.  

Conversely, for the syngas case, there is a larger mass flow through the turbine than for the 

natural gas case, which is associated with the slightly higher adiabatic efficiency for the turbine.  

The results of the steam cycle for both cases are very close and thus are approximately the same. 
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 When using the gas turbine combined cycle model as part of the IECM model, the user 

should pay attention to the heating value of the syngas.  For example, steam injection has a 

significant effect on the heating value of syngas. Steam injection will increase the power output 

of the gas turbine (Mathuousakis, 2002; Brdar and Jones, 2000). Therefore, if there are 

substantial differences in the moisture fraction and the heating value of syngas, the model may 

need to be recalibrated to obtain a reasonable power output. 

Future gas turbine development mainly includes higher firing temperature, higher 

pressure ratio, and greater capacity. Therefore, the specifications for firing temperature, pressure 

ratio, and the turbine inlet mass flow should be updated and the model recalibrated for these data 

changes. 

5.0 Cost Model 

The purpose of this section is to provide estimates for the capital and annual costs for a 

7FA+e gas turbine combined cycle system. At present, the detailed information about the 7F+e 

gas turbine for developing a cost model is still very limited and therefore, is not enough to 

develop a cost model. However, the cost model of a 7F gas turbine, which is in the same 7F class 

as 7FA+e gas turbine, has been developed and verified by Frey and Rubin (1990). Comparing 

the 7F and 7FA+e gas turbines, the specifications of a 7FA+e are close to that of a 7F gas 

turbine. The 7FA+e model features a pressure ratio of 15.7 and firing temperature of 2,420 oF. In 

the report by Genhardt (2000), it mentioned that the 7F model has a pressure ratio of 15.1 and a 

firing temperature of 2,350 oF, which are very close to the values for the 7FA+e gas turbine. 

Thus, the costs may not really change much among all of the various 7F alternatives since the 

cost for a gas turbine mainly depends on the design and capacity. Therefore, the feasibility of 

using this model to estimate the cost of 7FA+e gas turbine combined cycle was considered and 

evaluated to see if any updates should be made for accurate estimates. 

There are a number of design factors that influence the cost of a gas turbine combined 

cycle system. For example, a syngas-fired gas turbine has higher associated costs than a natural 

gas-fired gas turbine because syngas requires modification of the fuel nozzles and gas manifold 

in the gas turbine (BGE, 1989; Buchanan, 1998). Therefore, for gas turbines fueled with natural 

gas and syngas,  
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Table 5. Total Plant Cost of NGCC with F Gas Turbine based on Difference Project Contingency 
Factors (2000 Dollar) 
Parameters Case 1 Case 2 Case 3 
Indirect Construction Cost Factor, fICC 0.25 
Sale Tax, rtax 0.06 
Engineering and home Office cost Factor, fEHO 0.15 
Fixed Charge Factor, ffcf 0.1034 
Variable Cost Levelization Factor, fvclf 1.0000 
Process Contingency, fPC 0.05 
Project Contingency, fPJ 0.1 0.15 0.2 
Direct Costs Costs, 1,000$, (2000 Dollar) 
  Gas Turbine 30377 30377 30377 
  HRSG 10960 10960 10960 
  Steam Turbine 16479 16479 16479 
  Boiler Feedwater System 989 989 989 
General Facility 8821 8821 8821 
Total Direct Cost (TDC) 67627 67627 67627 
Indirect Construction Costs 16907 16907 16907 
Sales Tax 3348 3348 3348 
Environmental Permits 1000 1000 1000 
Engineering and Home Office Fee 13182 13182 13182 
Total Indirect Cost (TIC) 34437 34437 34437 
Process Contingency 5103 5103 5103 
Project Contingency 10717 16075 21433 
Total Plant Cost (TPC) 117883 123242 128600 
Total Plant Cost, $/kW 448 469 489 

two different direct cost models were used. The capital and annual cost results of natural gas-

fired 7FA+e gas turbine combined cycle systems were compared to the available results to verify 

the feasibility of the cost model. For a syngas-fired 7FA+e gas turbine, the direct costs of the 

combined cycle were evaluated. The annual cost for the syngas-fueled gas turbine was not 

available since it still needs to be integrated with other processes to form a complete IGCC 

system and the information cannot be provided by the performance model of a gas turbine.  

5.1 Natural Gas Combined Cycle 

Based on the cost model developed by Frey and Rubin (1990), the results of capital and 

annual costs for 7FA+e gas turbine were obtained and are listed in Table 5. In order to verify if 

the cost model can provide a correct estimation of the costs for a natural gas-fired 7FA+e  
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Table 6. Cost of Electricity of NGCC with F class gas turbine based on Case 1 with Difference 
Natural Gas Costs 
Parameters  
Capacity Factor 0.8 
Natural Gas Cost, $/GJ 2.78 2.88 3.32 
Costs  
Inventory Capital Cost (IC), 1000$ 6841 7085 8156 
Preproduction Cost (PPC), 1000$ 3472 3504 3641 
Total Capital Requirement (TCR), 1000$ 129376 129651 130859 
Total Capital Requirement, $/kW 492 493 498 
Fixed Operating Cost, $/(kW-yr) 9.7 9.7 9.7 
Variable Operating Cost, $/(kW-yr) 18.1 18.8 21.6 
Fuel Cost, mills/kWh 17.9 18.6 21.4 
Incremental Variable Costs, mills/kWh 0.2 0.2 0.2 
Levelized Cost of Electricity, mills/kWh 26.7 27.4 30.3 

gas turbine combined cycle system, the results were compared to the related reports. Holt and 

Booras (2000) mentioned that the total plant cost (TPC) for a natural gas combined cycle system 

with an “F” gas turbine was estimated to be 505 $/kW. Holt and Booras (2000) also mentioned 

that the TPC for an NGCC system with an “F” gas turbine is 410 $/kW, as reported by Audus. 

The average between these two TPC’s is approximately $450/kW. In another study (Bechtel, et 

al., 2002), the cost of a natural gas combined cycle system with a 7FA+e gas turbine is 450$/kW 

(2000 dollar). Since this is similar to the estimate reported by Holt and Booras (2000), 450$/kW 

was adopted as a basis for comparison to the estimated result of the cost model. 

In order to obtain the closest results to the reference data and because the project 

contingency in the above reference reports was not provided, the project contingency was varied 

from 01 to 0.2 since NGCC is a mature technology and a typical value of project contingency for 

preliminary estimates is 0.20 (Frey and Rubin, 1990). Other cost factors were the default values 

used in the NGCC cost model. The values of the other parameters concerning stream flow rates 

and conditions used in the computation of the direct cost for the steam cycle system were 

estimated and can be found in Appendix III.  

From the results in Table 5, the TPC in $/kW ranges from 448 $/kW to 489 $/kW. The 

result of Case study 1 was 448 $/kWh, which is closest to the reference value, 450 $/kW. 

Therefore, Case 1 was selected as the base case for estimating the cost of electricity. It indicated 
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that the project contingency of 0.1 was a suitable selection for the 7FA+e NGCC capital cost 

estimation. 

Table 7. Comparison of Cost of NGCC with Reference Results 
 Model Results 

(Case 1) 
Reference 

Results 
Relative 

Difference,% 
Total Plant Cost, $/kW 448 450 - 0.2 % 
Levelized Cost of Electricity, mills/kWh 27.4 30.7 -10.7% 

The annual cost results for a 7FA+e NGCC are listed in Table 6, and are based on Case 3 

in Table 5 since this case is closest to the reference results. The annual cost results were also 

compared to the results of Holt and Booras (2000) for verification. Holt and Booras (2000) 

mentioned that the levelized cost of electricity for a NGCC based on a 7F gas turbine is 30.7 

mills/kWh with a natural gas cost of $2.88/GJ. Holt and Booras (2000) also cited an estimate by 

Audus (2000) of 22 mills/kWh based on a natural gas price of $2/GJ. However, the result of 

Audus is low due to the low natural gas price. Holt and Booras (2000) mentioned that the natural 

gas prices of $2.78/GJ and $3.32/GJ were used in two other studies. Both of them were also 

much higher than $2/GJ and closer to $2.88/GJ. Therefore, the three natural gas prices were 

considered reasonable values and inputted into the cost model in this study.  

Varying natural gas prices can provide hints for cost comparison. For example, if the 

same annual cost was obtained based on a lower natural gas price compared to the reference 

values, then it can be inferred that other factors of the costs were higher than the reference 

results. In Holt and Booras (2000), an 80% capacity factor was used, which was also used in this 

study for the purpose of comparison. The results of the levelized cost of electricity based on 

different natural gas costs ranged from 26.7 mills/kWh to 30.3 mills/kWh. When the natural gas 

price was $3.32/GJ, the result of the cost model was very close to the reference case. However, 

$3.32/GJ is higher than the natural gas price in the reference report and therefore, the cost 

estimation was slightly lower than the reference report. 

In Table 7, the results of Case 3 are compared to the reference values. The differences 

between TPCs are small. The costs of electricity based on the same natural gas price of $2.88/GJ 

were compared and the difference was only about 10%, which is considered to be within the 

precision of a budgetary cost estimate. The comparison results indicate that the cost model 
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developed by Frey and Rubin (1990) continues to be suitable for cost estimation of a NGCC 

system with a 7FA+e gas turbine without need for significant modification. 

5.2 Syngas-Fueled Gas Turbine 

The cost information for the syngas-fueled gas turbine combined cycle systems was 

collected and compared to the results of the cost model developed by Frey and Rubin (1990). 

The objective of this study was to determine if the direct cost for each of the main components in 

the present cost model should be updated according to the collected information.  

The direct cost information for the power blocks of IGCC systems were collected and 

described for the following cases: 

Base Case:  Texaco-based with 7FA Combined Cycle (Frey and Rubin, 1990); 

Case 1:        Destec-based with 7FA Combined Cycle (Buchanan, et al., 1998); 

Case 2:        Destec-based with 501G Combined Cycle (Buchanan, et al., 1998);   

Case 3:        Destec-based with 7F Combined Cycle (Smith and Heaven, 1992). 

The cost information for the above four cases were compared and are listed in Table 8. 

In the Base Case, the direct costs for the power block of a Texaco gasifier-based IGCC 

plant were estimated by the cost model developed by Frey and Rubin (1990). The main 

components of this power block consist of a 7FA gas turbine, heat recovery steam generator 

(HRSG), and a steam turbine. The cost was converted to 1998 dollars. The main component 

costs were then individually compared to the reference reports. 

For the cost of a gas turbine, the result of Case 1 was almost identical to the result of the 

Base Case. This is because the same gas turbine model was used in both cases and the report 

year of Case 1 was closer to the Base Case as compared to the other two cases. For Case 2, the 

cost of a gas turbine was unsuitable for comparison since the gas turbine model was W501G, 

which was different from the gas turbine model, GE 7FA, used in the Base Case. The result of 

Case 3 was slightly higher than the result of the Base Case even though the same 7F class gas 

turbine was used in that case. A possible explanation is that the result of Case 3 was based upon 

an older study and thus, might be less accurate with respect to more updated designs.  
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For the cost of the heat recovery steam generator (HRSG), the result of the Base Case 

was generally lower than the reference reports. For the cost of the steam turbine, the cost of the 

Base Case was a little higher than for the other cases. However, the sum of the HRSG and steam 

turbine costs from the Base Case,  

 
Table 8. Direct Costs of IGCC Projects with Texaco Gasification and 7FA Combined Cycle  
 Base Case Case 1a Case 2a Case 3b Average Difference 
Description Texaco-

7FA 
Destec-7FA Destec -

501G 
Destec 
GCC i 

  

Gasification Texaco Destec Destec Destec   
Plant Size 284.7 543.2 349.2 512   
Gas Turbine 7FA 7FA 501G 7F   
Cost Base (Report) Jan. 1998 Jan. 1998 Jan. 1998 1991   
Study Year 2003 1998 1998 1992   
Case Type Model Conceptual Design Design   

Unit Direct Capital Cost (Equipment, Material, and Labor), 103$/kW,  
(Cost basis: Jan. 1998) 

  Gas Turbine 124.1 122.5 -- 145.6 134.1  
  HRSG 43.8 62.4 54.7 52.4 56.5  
  Steam Turbine 81.3 66.1 64.9 58.1 63.0  
Power Block 249.2 251.0 -- 256.1 253.6 -1.7% 

a Destec based IGCC with 7FA combined cycle. DOE (1998), “Market-based Advanced Coal power Systems,” Final 
Report, Appendix E.  
b Smith, J. and Heaven, D. (1992), “Evaluation of a 510-MWe Destec GCC Power Plant Fueled With Illinois No. 6 
Coal”, June. The original cost basis is 1991, which is converted to the cost base of 1998. 

111$/kWh, was much closer to the sum of the two separate parts costs in the other cases, or 

111$/kWh to 128$/kWh. Therefore, the cost model can still provide an accurate estimate for the 

steam cycle costs based on the comparison results. 

The individual component costs of the reference cases have been compared to the Base 

Case. However, the total cost for the power block has more contributions to the overall IGCC 

plant cost than the individual components. Therefore, the average cost values of the main 

components of the power block and their sum was calculated and compared to the Base Case. 

The relative difference between the average number and the result of the cost model was -1.7%. 

This difference is considered to be within the precision of a budgetary cost estimate of a power 

block. Although there was some difference for the individual components, the sum cost of the 

components or the total cost of the power block of the Base Case was close to the reference 

average value. Therefore, the cost model by Frey and Rubin (1990) can still be used for 

estimating the cost for a 7FA gas turbine combined cycle system based on syngas. 
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6.0 Sensitivity Analysis of Different Syngas Compositions and Inputs 

This section details the sensitivity analysis that was conducted to evaluate the effects of 

different syngas compositions. The purpose of this section was to determine the changes in gas 

turbine performance based on the gas turbine model results with different syngas composition 

inputs, including syngas with varying moisture and CO2 removal fractions. Based on the changes 

in performance results, the effects of syngas compositions on gas turbine performance were 

evaluated. In addition, the changes in gas turbine performance results were compared to the 

relative reference values to evaluate the accuracy of the estimates of the gas turbine model.  

The analysis of the effects of different syngas compositions was divided into two parts 

according to the source of syngas compositions. The first part of the analysis looked at the 

effects of different syngas compositions, due to different moisture fractions and CO2 removal 

percentages, on gas turbine performance. The syngas in the calibration case was selected as a 

basis. Four other syngas compositions were obtained by changing the moisture fraction and 

amount of removed CO2.  

The second part of the analysis explored the effects of different published syngas 

compositions without CO2 removal on the performance of a gas turbine. The syngas 

compositions were input to the gas turbine model and the main performance outputs of the gas 

turbine combined cycle system were compared and analyzed. Therefore, the purpose of this 

study was to determine how syngas composition changes affect gas turbine performance and to 

develop a general rule for the change of gas turbine performance due to different syngas 

compositions. The results from this analysis can be used to evaluate the feasibility of the gas 

turbine model for different syngas compositions. 

6.1 Effects of Moisture Fraction and CO2 Removal 

In IGCC systems with CO2 removal, a water-gas shift process is used to convert carbon 

monoxide in the syngas to carbon dioxide. The CO2 is then removed using a separation process. 

The shift reaction is (Doctor et al.,1996): 

 222 HCO OHCO +→+  
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After the CO2 is separated, syngas rich in hydrogen is sent to the gas turbine combustor. 

Table 9. Sensitivity Analysis of Different Syngas Compositions 

a Bechtel et al. (2002), Contract No. DE-AC26-99FT40342, Task 1 Topical Report, IGCC Plant Cost Optimization, 
prepared for the U.S. Department of Energy.  

Four syngas compositions were selected for the sensitivity analysis. In the Base Case, the 

saturated syngas composition without CO2 removal used in the calibration case (Bechtel, et. al, 

2002) was used as the syngas composition prior to saturation or any additional treatment. For 

Case 1, the same dry clean syngas composition as the Base Case was used. However, it should be 

noted that the moisture fraction for Case 1 was 30%, while it was 41.2% in the Base Case. For 

Case 2 through Case 4, it was assumed that 95% CO in the same cleaned syngas was converted 

into CO2 in the shift reaction. Then, three removal percentages of CO2, 85%, 90%, and 95%, 

Saturated Syngas 
Composition, vol% Base Case a Case 1: No 

CO2 Removal  

Case 2: 85% 
of CO2 

Removal 

Case 3: 90% 
of CO2 

Removal 

Case 4: 95% 
CO2 

Removal 
CH4 0.53 0.63 0.67 0.69 0.71 
CO 27.75 33.25 1.76 1.82 1.88 
H2 19.98 23.94 58.90 60.83 62.89 

CO2 8.59 10.29 6.66 4.59 2.37 
N2+Ar 1.58 1.89 2.00 2.07 2.14 
H2O 41.57 30 30 30 30 
Total 100 100 100 100 100 

Fuel LHV 2831 Btu/lb 
(144 Btu/scf) 

3327 Btu/lb 
(173 Btu/scf) 

6168 Btu/lb 
(168 Btu/scf) 

6910 Btu/lb 
(174 Btu/scf) 

7856 Btu/lb 
(180 Btu/scf) 

Air Flow Rate, lb/hr 3,381,000 3,539,000 3,677,000 3,710,000 3,743,000 
Fuel Flow Rate, lb/hr 634,000 523,100 282,400 250,800 219,600 
Heat Input to Gas 
Turbine, 106Btu/hr 1,795 1,740 1,742 1,733 1,725 

Exhaust Flow, lb/hr 4,015,000 4,062,000 3,959,000 3,961,000 3,962,700 
Steam Injection for 
Moisturization, lb/hr 237,700 138,900 142,800 137,600 132,500 

Exhaust Temp., oF 1,119 1,114 1,112 1,111 1,111 
Gas Turbine Power 
Output, MW 210.0 193.1 189.5 186.5 183.6 

Simple Cycle 
Efficiency, %LHV 39.93 37.88 37.14 36.74 36.34 

Heat Input to HRSG, 
106Btu/hr 983 967 977 975 973 

Steam Turbine Power 
Output, MW 116.5 126.5 127.1 127.6 128.0 

Combined Cycle 
Power Output, MW 326.4 319.6 316.6 314.1 311.7 

Combined Cycle 
Efficiency, % LHV 62.08 62.69 62.06 61.87 61.68 



 - 43 - 

were considered in three cases, respectively. In Case 2 through Case 4, the saturated moisture 

fraction was 30%. The compositions of the syngas with and without 
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Table 10. Effects of Fuel Heating Values on Gas Turbine Power Output 
 Base Case and Case 1 Anand et al. (2000) 
 LHV (Btu/scf) Gas Turbine Power 

Output (MW) 
LHV 

(Btu/scf) 
Gas Turbine 

Power Output a 
Syngas 1 144 210 120 112% 
Syngas 2 173 193.1 150 100% 
Relative Difference 20% -8% 25% -11% 
a The gas turbine power outputs are represented as fraction with the power output of syngas 2 as basis. The relative 
difference is based on values of syngas 1.  

different CO2 removal were computed and are listed in Appendix III. The main outputs for the 

Base Case and other cases are listed in Table 9. The effects of moisture fraction, syngas with or 

without CO2 removal, and different amounts of CO2 removal on gas turbine performance are 

discussed in the following sections. 

6.1.1 Effects of Moisture Fraction 

The effects of moisture fraction were evaluated by comparing the Base Case and Case 1, 

since the only difference between the two syngas compositions was the moisture fraction. A 

greater moisture fraction in the Base Case yields a lower heating value of syngas compared to 

that of Case 1. The heating value of syngas had influence on the power output of the gas turbine. 

In Anand et.al. (1996), the effects of two syngases with different heating values on IGCC 

performance were evaluated. The two syngases were based on the same clean syngas 

composition, while the lower heating value syngas had more moisture than the higher heating 

value syngas. This situation was similar to the two syngases in the Base Case and Case 1 of this 

study. Therefore, the relative difference of syngas heating values and the gas turbine power 

outputs for the Base Case and Case 1 were compared to those found by Anand et.al. (1996). The 

small relative decrease in heating value for the Base Case and Case 1 produced a small relative 

change in power output when compared to the results of Anand et.al. (1996), which appear to be 

reasonable and consistent. When the moisture fraction decreased, the heating value of the syngas 

increased.  

To reach a specific firing temperature, the requirement for syngas decreased when the 

energy content of syngas increased. Under the same flow rate constraint used for the first turbine 

nozzle, the air requirement increased when the flow rate of syngas decreased, leading to an 

increase in the power consumption of the compressor. Therefore, the power output of the gas 
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turbine decreased with increasing syngas heating value. In summary, a gas turbine fired with a 

higher heating value fuel will have lower power output than if it fired lower heating value fuel. 

This conclusion was verified by the results of the simulation. This result is also consistent with 

research conducted by others (Brdar and Jones, 2000; Anand, et al., 1996; and Doctor et al., 

1996). 

The difference in moisture fraction also caused a difference in the steam turbine 

performance. The steam turbine power output for Case 1 was higher than that of the Base Case. 

A lower moisture fraction means a lower amount of steam injection into the cleaned syngas and 

less heat deduction from the steam cycle. From the Base Case to Case 1, the decrease in the heat 

deduction was 119×106 Btu/hr, while the decrease in the heat input was only to HRSG, 16×106 

Btu/hr. Therefore, the net energy used for power production by the steam turbine in Case 1 was 

103×106 Btu/hr higher than the Base Case, which lead to a higher power output of the steam 

turbine in Case 1.  

The combined cycle efficiency was decided by the total heat input to the gas turbine and 

the total combined cycle power output. Although the combined cycle power output of Case 1 is 

2.1% lower than that of the Base Case, the total heat input of Case 1 is 3.1% lower than that of 

the Base Case. Thus, The combined cycle efficiency of Case 1 was higher than that of the Base 

Case. The reason is that the steam turbine power output in Case 1 is much higher than that of the 

Base Case.  

In summary, the effects of moisture change caused variations in the syngas heating value. 

Actually, the different heating values were the direct reason for the observed differences in gas 

turbine performances. Another effect of moisture change was on the steam turbine performance 

since an alternate moisture fraction requires different steam injection from the steam cycle, 

which affects the net energy used for producing power in the steam cycle. 

6.1.2 Effects of CO2 Removal 

Comparing Case 1 and Case 4, the difference was that the syngas without CO2 removal 

was used in Case 1 while the syngas with 95% CO2 removal was used in Case 4. The Case 4 in 

this study is similar to the glycol case in Doctor et al. (1996), which also used 95% CO2 removal. 

The system in the report was a KRW Oxygen-Blown IGCC plant with two GE 7F gas turbines. 
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The power output of the two gas turbines was 298.8 MW in the case without CO2 removal and it 

was 284.1 MW in the glycol case. The gas turbine output of the glycol case was 4.7% less than 

that in the case without CO2 removal. For this study, the relative difference between the gas 

turbine power outputs from Case 1 and Case 4 was – 4.9%. The two different values were very 

close. These values indicate that the results of this study are reasonable and consistent with the 

result of Doctor et al. (1996).  

For Case 1 and Case 4, it was found that the heating values on a volume basis (Btu/scf) 

for the two syngases were almost the same, while the heating value on a  mass basis of the 

syngas in Case 1 was much lower than that in Case 4. The latter result is due to the unique 

thermodynamic features of hydrogen. In Anand, et al. (1996), the decrease in syngas heating 

value was obtained by adding moisture. Since moisture is not combustible matter, the heating 

values on a mass basis have the same change trend as the heating values on a volume basis. 

However, hydrogen is combustible and has a low heating value of 273 Btu/scf on a volume basis 

but a very high heating value of 51,872 Btu/lb on a mass basis (Moliere, 2002). Therefore, an 

increase in hydrogen composition increases the heating value of syngas on a mass basis, while 

the heating value on a volume basis of syngas has no significant change. The heating value on a 

mass basis has predominant effects on the energy performance of a gas turbine (Moliere, 2002). 

Therefore, the conclusion is that a gas turbine fueled with syngas having a lower heating value 

on a mass basis has a higher power output than a gas turbine fueled with higher heating value 

syngas on a mass basis. 

 A comparison of the results from Case 1 and Case 4 is consistent with the comparison of 

the results from the Base Case and Case 1. The simple cycle efficiency of Case 4 was lower than 

Case 1, which was due to the lower power output of the gas turbine in Case 4. The steam turbine 

power output in Case 4 was higher than that of Case 1, because the steam injection of Case 4 was 

lower than that of Case 1 and the energy input to the HRSG of Case 4 was 7×106 Btu/hr higher 

than that of Case 1. The combined cycle efficiency of Case 4 was lower than that of the Base 

Case due to the large decrease in gas turbine power outputs in Case 4.  

When comparing Case 2 through Case 4 with different CO2 removal percentages, the 

exhaust flows were almost the same for each of the three cases. The hydrogen content in the 
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syngas increased with increasing removal percentages, which lead to the heating values of fuel 

increasing both on a mass basis and volume basis. The simple cycle efficiency was related to the 

gas turbine power output and the heat input, which decreased with an increasing CO2 removal 

fraction, due to the decrease in the power output of the gas turbine. For the steam turbine, the 

power output increased with increasing CO2 removal fraction. The moisture injection decreased 

with decreasing syngas flow rate since the syngases have the same moisture fraction. The energy 

deduction due to moisture injection decreased, which lead to the steam turbine power outputs 

increasing from Case 2 through Case 4. The power output of the combined cycle system 

decreased due to the power output decrease of the gas turbine, which also lead to a slight 

decrease in the combined cycle efficiency with an increase in the CO2 removal fraction.  

6.2 Effects of Different Published Syngas Compositions 

Several published syngas compositions were selected for analyzing the sensitive inputs 

and parameters of the gas turbine combined cycle model. The purpose was to further determine 

the effects of different syngas compositions on the gas turbine performance. The results of this 

section were analyzed and compared to the results of Section 6.1 to determine the general trends 

and effects that different syngas compositions have on gas turbine performance. 

The modeling results are listed in Table 11. The same parameters were adopted as in the 

calibration case, which was the Base Case. The three cases from the reference reports are 

described as the following: 

Case 5.      Sarlux: a nominal 551 MW Texaco gasifier-based IGCC fueled with Tar and co-

production of hydrogen and low pressure steam. (Collodi, 2000; Brdar and Jones, 

2000). 

Case 6.      Texaco-IGCC: a nominal 400 MW Texaco gasifier-based IGCC plant fueled with 

West Kentucky Bituminous coal (Condrelli et al., 1991).   

Case 7.      Destec-IGCC: a nominal 510 MW Destec gasifier-based IGCC plant fueled with 

Illinois No.6 coal (Smith, J. and Heaven, D., 1992). 

In Table 11, from the case of Sarlux to the case of Destc-Illinois No.6 coal, the gas 

turbine power outputs decreased with an increase in the syngas heating value. The fuel gas flow 

rates also decreased. The simple cycle efficiency decreased with increasing syngas heating value. 
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This was due to a decreasing power output from the gas turbine that was larger than the decrease 

of heat input. The steam turbine power output increased due to the decrease in water fraction in 

the syngas. The energy deducted by moisture injection from the steam cycle decreased with 

increasing syngas flow rate and water fraction. The combined cycle power output had a slight 

decrease, yet due to a larger decrease in the heat input, the combined cycle efficiency increased. 

In summary, the gas turbine power output decreased and the steam turbine power output 

increased with increasing heating value of syngas for the typical coal syngas composition. 

Comparing Table 9 and Table 11, for the typical syngas from coal gasification, the fuel 

heating value on a mass basis has a consistent trend with the heating value on a volume basis. 

However, comparing the typical coal syngas and hydrogen-rich syngas after CO2 removal, the  

Table 11. Sensitivity Analysis based on Published Syngas Composition 
Cases Case 5 Case 6 Case 7 
Projects Sarlux a Texaco-IGCC b Destec-IGCC c 
Sites Italy California California 
Date 2000 1992 1992 
Gasification  Texaco Texaco Destec 

Feedstock Tar West Kentucky 
Bituminous Coal 

Illinois No. 6 
Coal 

Power Output  551 MW 400 MW 510 MW 
Saturated Syngas Composition, 
vol%    

CH4 0.2 0.1 0.23 
CO 30.6 32.3 37.16 
H2 22.7 24.1 27.33 

CO2 5.6 6.5 9.69 
N2 1.1 0.7 1.31 
Ar -- 0.7 0.88 

H2O 39.8 35.6 23.40 
Total 100 100 100 

Fuel LHV 3248 Btu/lb 
 (158 Btu/scf) 

3378 Btu/lb 
(166 Btu/scf) 

3716 Btu/lb  
(191 Btu/scf) 

Air Flow Rate, lb/hr 3,484,100 3,525,000 3,620,000 
Fuel Flow Rate, lb/hr 543,700 518,100 461,100 
Heat Input, 106Btu/hr 1,766 1,750 1,713 
Exhaust Flow, lb/hr 4,027,800 4,043,000 4,062,000 
Exhaust Temp., oF 1,116 1,115 1,112 
Steam Injection for Moisturization, 
lb/hr 205,200 172,900 96,750 

Gas Turbine Power Output, MW 200.3 195.6 184.8 
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Simple Cycle Efficiency, %LHV 38.73 38.16 36.81 
Heat Input to HRSG, 106Btu/hr 975 971 959 
Steam Turbine Power Output, MW 115.6 119.7 129.6 
Combined Cycle Power Output, 
MW 315.9 315.3 314.4 

Combined Cycle Efficiency, % LHV 61.07 61.50 62.63 
a The basic information of Sarlux is from Collodi, (2000), 2000 Gasification Technologies Conference; The syngas 
composition of Sarlux project are recorded in Brdar and Jones, (2000), GER-4207; 
b Condrelli, et al. (1991), EPRI IE-7365. 
c Smith and Heaven, (1992), EPRI TR-100319. 

hydrogen-rich gas has a much higher fuel heating value on a mass basis than the typical coal 

syngas. Yet, the hydrogen-rich gas has almost the same or lower heating value on a volume basis 

than the typical syngas. Since the heating value on a mass basis has a significant effect on the 

energy performance of a gas turbine (Moliere, 2002), for a hydrogen-rich syngas, the heating 

value on a mass basis should be used when evaluating system performance.  

When comparing syngases, another difference was the combined cycle efficiency. From 

Case 1 to Case 4 in Table 9, the combined cycle efficiency decreased with increasing syngas 

heating value, while in Table 11, the combined cycle efficiency increased with the increasing 

syngas heating value. An explanation for this trend is that the same moisture fraction was present 

for the four syngases in Case 1 to Case 4, while in Table 8, the moisture fraction decreased 

substantially from Case 5 to Case 7. The decrease in moisture fraction, in addition to the 

decrease of syngas flow rate, lead to a larger decrease in the steam injection, which in turn lead 

to a larger increase of the steam turbine power output in Cases 5 through 7 than in Cases 1 

through 4.  Thus, the combined cycle efficiency increased with increasing syngas heating value 

and decreasing moisture fraction.  

In summary, the different heating values in syngas were caused by changes in moisture 

injection, different amounts of CO2 removal, and different gasification processes. With increased 

moisture fraction, the heating value of syngas decreased. Increasing CO2 removal percentage 

lead to an increase in the heating value of syngas on a mass basis due to the increasing hydrogen 

fraction. Different gasification processes in Cases 5 through 7 produced different syngas 

compositions and different heating values. The general rule of the effects of the syngas 

compositions on a gas turbine combined cycle system was determined to be that the gas turbine 

power output and simple cycle efficiency will decrease with increasing heating values of syngas 
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on a mass basis. For the combined cycle performance many other factors besides the heating 

value of syngas should be considered, including the moisture fractions and the different 

combustion products due to different syngas compositions.  

From the sensitivity analysis, the gas turbine power output was not a constant value. The 

“210”MW used for the calibration basis was probability a generic number that was not specific 

to the syngases listed in Table 4. As discussed before, Anand (1996) mentioned different syngas 

heating values may have different gas turbine power outputs. Holt (1998) also mentioned the 

power output of a 7FA gas turbine may have different values other than the nominal 192 MW for 

different gasification processes and different coals. Therefore, the conclusions obtained from the 

sensitivity analysis were consistent with the results from the reference reports. 

7.0 Sensitivity of Inputs 

The sensitivity analysis was implemented to evaluate the effects of the changes in inputs 

on the main outputs of the gas turbine model. The objective of this section is to provide 

information about the questions: (1) what kinds of changes will be caused by the change of an 

input?; (2) what are the most sensitive, moderately sensitive, or least sensitive inputs of this 

model?. The answers to these questions were helpful to evaluate the accuracy of the estimates 

based on the changes of the sensitive inputs values.  

The effects of inputs on three outputs were evaluated,  and include gas turbine (GT) 

power output, simple cycle efficiency, and combined cycle efficiency. The same syngas 

composition used in the calibration case was selected. There were eight inputs that were 

evaluated based on the outputs of the gas turbine (GT) power output and simple cycle efficiency, 

including adiabatic turbine efficiency, adiabatic compressor efficiency, air cooling fraction, 

ambient temperature, ambient pressure, compressor pressure drop, turbine back pressure, and 

generator efficiency.  The values of inputs were changed and the relative differences in the inputs 

compared to the corresponding values of the calibration case were computed. Only one input 

value was changed at a time while the others were held constant. The relative changes in the 

outputs were computed based on the corresponding data in the calibration case. For the 

combined cycle efficiency, two more inputs besides the above inputs were studied, including the 
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steam cycle heat rate and the HRSG outlet temperature. The effects of the input variation on the 

three outputs were characterized by the following diagrams in Figures 14 through 16.  

In order to quantify the effects of input changes on output change, the slopes of each line 

in Figures 14 through 16 were determined and are listed in Table 12. A positive slope value 

means that the change of input caused the same trend in the outputs, while a negative slope 

means an opposite change occurred in the output. The results shown in Table 12 indicate a 1% 

increase of adiabatic turbine efficiency will cause a 1.55% increase in the gas turbine power 

output, a 1.55% increase in the simple cycle efficiency, and a 0.62% increase in the combined 

cycle efficiency.  

The inputs of adiabatic turbine efficiency, adiabatic compressor efficiency, and generator 

efficiency had the most important effects on the three outputs. The ambient pressure was also 

very sensitive for the outputs of gas turbine power output and simple cycle efficiency. For the 

combined cycle efficiency, the steam cycle heat rate also had important effects in addition to the 

adiabatic efficiencies. The above inputs were identified as the most sensitive inputs, and had 

slopes higher than 0.35. The inputs with absolute values for slope in the range of 0.05 to 0.35 for 

any one output were considered to have moderate sensitivity. The moderately sensitive inputs 

include air cooling fraction, ambient temperature, turbine back pressure, and the HRSG outlet 

temperature. The input of compressor pressure drop having a slope less than 0.05 for all three 

outputs was identified as the least sensitive input. 
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Figure 14. Changes in Inputs versus Changes in Gas Turbine (GT) Power Output 
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Figure 15. Changes in Inputs versus Changes in Simple Cycle Efficiency 
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Figure 16. Changes in Inputs versus Changes in Combined Cycle Efficiency 

Table 12. Slopes of Lines for Effects of Inputs Changes on Outputs 

Slopes Gas Turbine 
Power 

Simple Cycle 
Efficiency 

Combined Cycle 
Efficiency 

Adiabatic Turbine Efficiency 1.55 1.55 0.62 
Adiabatic Compressor Efficiency 1.43 0.90 0.39 
Generator Efficiency 1.00 1.00 0.63 
Ambient Pressure 1.09 0.08 0.03 
Air Cooling Fraction -0.05 -0.05 -0.03 
Ambient Temperature -0.15 -0.07 -0.02 
Compressor Pressure Drop -0.01 -0.01 -0.004 
Turbine Back Pressure -0.06 -0.06 -0.03 
Steam Cycle Heat Rate   -0.36 



 - 53 - 

HRSG Outlet Temperature   -0.08 

8.0 Discussion of Sensitivity Analysis 

The sensitivity analysis was implemented based on different syngas compositions and 

different input values. Based on the sensitivity analysis, the important sensitive inputs for the gas 

turbine model are: 

• Gas turbine specifications, including compressor pressure ratio, turbine inlet 

temperature, turbine inlet reference mass flow, and exhaust temperature. For a 

specific gas turbine, the above parameters have specific values. 

• Syngas characteristics, including heating value, moisture fraction, and 

composition: a gas turbine fueled with high heating value syngas produces a 

lower power output than a gas turbine fueled with a lower heating value syngas, 

while the steam turbine combined with the gas turbine has a greater power output. 

The simple cycle efficiency decreases with increasing heating value. Based on the 

same clean syngas composition, the saturated syngas with less moisture will have 

a higher heating value. A lower moisture fraction in syngas leads to a greater 

power output from the steam turbine. Syngas after CO2 removal will have more 

hydrogen, which leads to a higher heating value of syngas on a mass basis.  

• Turbine Adiabatic Efficiency: Higher turbine adiabatic efficiency leads to lower 

exhaust temperature; 

• Compressor Adiabatic Efficiency: Increasing the compressor adiabatic efficiency 

will increase the gas turbine power output and the simple cycle efficiency; 

• Generator Efficiency: Higher generator efficiency will increase the gas turbine 

power output and the efficiencies of the simple cycle and combined cycle 

systems; 

• Ambient Pressure: Higher ambient pressure will produce higher compressor outlet 

pressure under a constant pressure ratio. Thus, the turbine inlet pressure will 
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increase, which leads to greater power output from the turbine and thus, higher 

gas turbine power output; 

• Steam cycle heat rate: Lower steam cycle heat rate leads to higher steam turbine 

power output. 

 It is important to have the correct values of the above inputs for an accurate estimation of 

gas turbine performance. 

Based on the sensitivity analysis, the inputs of moderate sensitivity include: 

• Ambient temperature; 

• Combustor pressure drop; 

• Turbine back pressure; 

• Air cooling fraction; 

• HRSG outlet temperature. 

The input of compressor pressure ratio was identified as the lower sensitivity input in the gas 

turbine model. 

In summary, the gas turbine model developed in this study can accurately estimate the 

performance and cost of a 7F gas turbine and its combined cycle system. The effects of the 

syngas compositions and the controlled effects of changes in inputs on outputs were investigated. 

The results indicate that this model can be used to reasonably estimate the performance of a gas 

turbine fired with different syngas compositions. The sensitivities of the inputs were identified 

by the relative changes in outputs caused by the relative changes in inputs. This relationship 

gives insight into the important effective factors for estimating the gas turbine performance, as it 

answered the questions about what kinds of change will be caused by the change of an input.  
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9.0 Conclusions 

In this study, a performance model for simple and combined cycle gas turbine systems 

was developed and calibrated. The mass and energy balance of a simple cycle and combined 

cycle gas turbine model was implemented and the multiple stages of the compressor and turbine 

and cooling air splits were simulated.  The use of the combined cycle model was demonstrated 

considering the two cases of natural gas and syngas. In the combined cycle case study based on 

syngas, the heat from gas cooling recovered in the steam cycle and the heat deduction due to 

steam or water injection to the syngas were estimated. The gas turbine model was calibrated 

based on natural gas and syngas for a typical “Frame 7F” heavy duty gas turbine. The turbine 

inlet reference mass flow, adiabatic turbine efficiency, adiabatic compressor efficiency, and the 

steam cycle heat rate were calibrated to obtain the desired outputs. The calibrations for the cases 

of natural gas and syngas were compared and discussed. The calibration results indicate that the 

gas turbine can predict the performance of the gas turbine well for model outputs that were not 

used as a design basis for the calibration.   

The main inputs to the model that can be specified by a user include fuel composition 

(including carbon monoxide, hydrogen, methane, carbon dioxide, water vapor, and nitrogen), 

pressure ratio, firing temperature, reference mass flow at the turbine inlet, ambient pressure, 

ambient temperature, combustor pressure drop, turbine backpressure, adiabatic compressor and 

turbine efficiencies, combined cycle heat rate, cooling air splits, steam cycle heat rate, generator 

efficiency, and exhaust outlet temperature.  The main outputs of the model include simple cycle 

heat rate, gas turbine power output, air flow, exhaust flow, exhaust temperature, steam turbine 

power output, and combined cycle efficiency.  For combined cycle systems implemented in an 

IGCC system, the user can also specify heat duties associated with syngas cooling and the effect 

of steam or water injection into the syngas with respect to the steam cycle energy balance. 

The cost model was combined with the gas turbine performance model. The estimated 

results were compared with other reference values. The capital and annual cost for the natural 

gas combined cycle system and the direct cost for a syngas-fueled gas turbine were estimated. 

The cost models demonstrate that the modeling results of both the natural gas fueled turbine or 

the syngas-fueled gas turbine were consistent with the reference values. 
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 The results of sensitivity analysis indicated that this model can be used to estimate the 

performance of a gas turbine fired with different syngas compositions. The sensitivity analysis of 

the inputs gives insight into the important effective factors for estimating gas turbine 

performance. This research provides guidelines to judge the accuracy of estimates from the gas 

turbine model by considering the expected change in the outputs caused by the relative change of 

the inputs. This project demonstrates that an accurate and sensitive model can be implemented in 

a spreadsheet, which makes the model much easier to utilize. In addition, implementation into a 

spreadsheet makes this model more accessible than the model in ASPEN Plus since one does not 

have to be trained in the use of ASPEN.  Thus, this study supports the ability to do desktop 

simulations, which in turn supports policy analysis. 



 - 57 - 

10.0 Nomenclature 

English Letter Symbols 

DC = Direct Cost, $ 

ea = The fraction of excess air 

GT = Gas Turbine 

hc,out,isentropic = Enthalpy of air at the outlet of an isentropic compressor, J/gmole 

hi, j = Enthalpy at device i, where j = in or out, J/gmole 

hi(T) = Enthalpy of species i at temperature T (Rankin), Btu/lbmole syngas 

Hair,stoic =          Enthalpy of air needed in a stoichiometric reaction with fuel, J/gmole 

Hfuel = Fuel Enthalpy, J/gmole 

Hproduct,stoic =          Enthalpy of stoichiometric reaction product, J/gmole 

HR = Heat rate of the steam cycle, Btu/kWh 

LHV = Lower heating value of fuel, Btu/lb 

mC,i,air = Air flow rate to the stage i of compressor, lb/hr 

mComb,air = Air flow rate to the combustor, lb/hr 

mComb,ex = Exhaust flow rate out of the combustor, lb/hr 

mfuel = Fuel mass flow rate, lb/hr 

mT,i = Stream flow rate to the stage i of turbine, lb/hr 

mT,out = Stream flow rate at the outlet of turbine, lb/hr 

Mfuel = Fuel molar flow rate, lbmole/hr 

MWfuel = Molar weight of fuel, lb/lbmole 

MWair = Molecular weight of air, lb/lbmole 

NT,GT = Total number of gas turbines 

Pa = Ambient pressure of inlet air 

PC,i, out = Pressure at the outlet of stage i of compressor, where i = 1, 2, or 3 

PT,i, out = Pressure at the outlet of stage i of turbine, where i = 1, 2, or 3 

Pi,j = Pressure at device i, where j = in or out 

Qfuel = Total energy input of the system, Btu/hr 

QH = Energy input of HRSG, Btu/hr 

Qs = Shaft work, Btu/hr 

rp = Pressure ratio of compressor outlet pressure to compressor inlet pressure 
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rp,i = Pressure ratio of a single stage i of compressor 

rp,turb = Pressure ratio of turbine inlet pressure to turbine outlet pressure 

rp,turb,i = Pressure ratio of a single stage i of turbine 

si,j = Specific Entropy at device i, where j = in or out 

Ta = Ambient temperature of inlet air 

TT,in, = Turbine inlet temperature 

WCC =  Net power output of the combined cycle, MW 

WSC = Net power output the simple cycle, MW 

WST = Net electricity produced by the steam turbine, MW 

yi = Mole fraction of compound i 

 

Greek Letter Symbols 

∆hi = Total enthalpy difference between the inlet and outlet of device i 

∆hr,i = Enthalpy of reaction for compound i (j/gmole) 

∆pback = turbine back pressure (psi)  

ηC = Adiabatic compressor efficiency 

ηS = Shaft work efficiency 

ηT = Adiabatic turbine efficiency 

ηCC = Combined cycle efficiency 

ηSC = Simple cycle efficiency 

 

Subscript 

act = Actual 

air = Air 

C   = Compressor 

CC = Combined Cycle 

Comb = Combustor 

ex = Exhaust gas 

fuel = Fuel 

H = Heat Recovery Steam Generator 

In = Inlet 
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NGCC = Natural Gas Combined Cycle 

IGCC = Integrated Gasification Combined Cycle 

Out = Outlet 

ref = Reference 

s = Stage 

SC = Simple Cycle 

SG = Syngas 

ST = Steam Turbine 

T = Turbine 

 

Species 

CO = Carbon Monoxide 

CO2 = Carbon Dioxide 

CH4 = Methane 

H2O = Water 

N2 = Nitrogen 

O2 = Oxygen 
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Appendix I. IECM Enthalpy Functions 

 3655.83T102.8333  T6.66(T)h 2-4
N2

−×+=  (I-1) 

 54164.0 T129600  T102.7778  T7.16(T)h -12-4
O2

−+×+=  (I-2)                     

 7066.27T660960T106  T10.55(T)h 12-4
CO2

−+×+= −  (I-3) 

 44.4004T25920T101111.7  T17.7(T)h 12-4
OH2

−−×+= −  (I-4) 

 2785.67T112100T104.427T105.0914  T2.975(T)h 13-72-3
CH4

−−×+×+= −  (I-5) 

 8.3788T35640T107222.2  T79.6(T)h 12-4
CO −+×+= −  (I-6) 

 04.3489T38880T101667.2  T52.6(T)h 12-4
H2

−−×+= −  (I-7) 

where the enthalpy is in units of BTU/lbmole and the temperature is in units of degrees Rankine. 
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Appendix II.  Clean Syngas and Saturated Syngas Composition of the Nominal 1,100 MW 

IGCC Plant 

Table II-1. Composition of Clean Syngas and Saturated Syngas a 

Fuel Composition, vol% Cleaned Syngas  Saturated Syngas 
CH4 0.9 0.53 
CO 47.5 27.75 
H2 34.2 19.98 
CO2 14.7 8.59 
N2 1.5 0.88 
Ar 1.2 0.70 
H2O 0 41.57 
Total 100 100 
Syngas Mass Flow, lb/hr 1,741,575  
Steam Injection, lb/hr 1,037,800  

a Bechtel et al. (2002), Contract No. DE-AC26-99FT40342, Task 1 Topical Report, IGCC Plant Cost Optimization, 
prepared for the U.S. Department of Energy. The outputs are converted to represent single 7FA+e gas turbine 
combined cycle.   
 

The molar weight for cleaned syngas is 21.5076. Therefore, the molar flow rate of 

cleaned syngas is: 

lbmol/hr80974.9
lb/lbmol21.5076

lb/hr1,741,575Mcleansyn ==  

The steam injection molar flow rate is: 

lbmol/hr57607.5
lb/lbmol18.015

lb/hr1,037,800Msteam ==  

Therefore, the moisture fraction in the saturated syngas is: 

41.57%100%
lbmol/hr57607.5lbmol/hr80974.9

lbmol/hr57607.5y OH2
=×

+
=  

Other compositions of the saturated syngas are calculated based on the moisture fraction and the 

cleaned syngas composition.
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Appendix III. Inputs of Stream Flow Rates and Conditions for Cost Model 

In order to use the cost model to calculate the cost of the natural gas combined cycle 

system with a Frame 7F gas turbine, the flow rate of raw water, polished water, cooling water, 

and the flow rate and pressure of high pressure steam need to be estimated as inputs for the cost 

model.  

First, the flow rate and pressure of the high steam are estimated. The steam cycle 

condition in the gas turbine combined cycle model is 1450 psia/1000 oF/1000 oF. In Condrelli et 

al.(1992), the pressure for the high pressure steam is 1465 psia and the temperature is 1000 oF 

for a 1450 psi/1000 oF/1000 oF steam cycle with F gas turbine. The total energy input to the 

steam cycle has been estimated in Eq.(89) of section 3.0. Condrelli et al. (1992) did not give the 

information about the percentage of heat in the total energy input to the steam cycle used in high 

pressure steam generating. Based on another report from DOE (1998), in two NGCC cases, there 

are 68% and 82% of the total heat input used for producing high pressure steam. The average 

value is 75%. Therefore, it is assumed that 75% of the total heat input is used to generate high 

pressure steam.  The enthalpy for the superheated steam of 1465psia/1000 oF is 1491 Btu/lb 

(Singer, 1981). Therefore, the mass flow of the high pressure steam is estimated as: 

 
HRhps,

NGCCH,
HRhps, h

75.0Q
m

×
=  (III-1) 

where,  

mhps,HR = the mass flow of high pressure steam in steam cycle, lb/hr; 

hhps,HR = the enthalpy of the high pressure steam. It is 1491 Btu/lb for the 1465psia/1000 

oF steam in this study. 

Based on the steam balance in Condrelli et al. (1992), the high steam is 66% of the total 

steam turbine condensate. In NGCC, the makeup water consists of seal water and boiler 

blowdown water, while in the steam cycle in IGCC, the makeup water also includes the water 

used in coal slurry and saturation of syngas. The case in Condrelli et al. (1992) is a combined 

cycle in IGCC plant. Therefore, the makeup water used for coal slurry and saturation of syngas is 
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not accounted for the estimation of raw water used in NGCC. Then the makeup water or raw 

water is 2% of the total condensate. The raw water flow rate is estimated as: 

 02.0
66.0

m
m HRhps,

rw ×=  (III-2) 

where, 

mrw = the raw water flow rate, lb/hr. 

The polished water is the sum of the raw water and the steam cycle condensate: 

 
0.66

m
mm HRhps,

rwpw +=  (III-3) 

where, 

mrw = the polished water flow rate, lb/hr. 

The cooling water requirement is estimated based on the equation in Frey and Rubin (1990): 

 273.8W9.3763m CCcw −×=  (III-4) 

where, 

mcw = the cooling water flow rate, gal/min; 

Wcc = the net power output of the natural gas combined cycle, MW.
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Appendix IV. Syngas Composition after Different CO2 Removal Degree 

Table IV-1. Composition of Cleaned Syngas and Syngas after CO2 Removal 

Syngas 
Composition, vol% 

Cleaned 
Syngas a 

Cleaned Syngas 
with 95% CO 

conversion to CO2 

85% of 
CO2 

Removal 

90% of 
CO2 

Removal 

95% CO2 
Removal 

CH4 0.9 0.62 0.95 0.99 1.02 
CO 47.5 1.64 2.52 2.60 2.69 
H2 34.2 54.66 84.14 86.90 89.84 
CO2 14.7 41.22 9.52 6.55 3.39 
N2 1.5 1.03 1.59 1.64 1.70 
Ar 1.2 0.83 1.27 1.31 1.36 
H2O 0 0 0 0 0 
Total 100 100 100 100 100 

a Bechtel Corporation, Global Energy Inc., and Nexant Inc. (2002), Contract No. DE-AC26-99FT40342, Task 1 
Topical Report, IGCC Plant Cost Optimization, prepared for the U.S. Department of Energy. The outputs are 
converted to represent single 7FA+e gas turbine combined cycle.   

The shift reaction is (Doctor et al.,1996): 

 222 HCO OHCO +→+  

After 95% CO conversion to CO2, the molar flow rate of syngas increase and the composition of 

syngas is:  

COconv

convCO
CO yf1

)f1(y
y

+
−×

=′  

 
COconv

COconvCO
2CO yf1

yfy
y 2

+

+
=′  

COconv

COconvH
2H yf1

yfy
y 2

+

+
=′  

COconv

i
i yf1

y
y

+
=′  

where, 

fconv = 0.95; 

i = CH4, CO, N2 and Ar. 
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For different CO2 removal fraction, the composition of syngas after CO2 removal is: 

2COremoval

i
i yf1

yy
′−

′
=′′  

2

2

2
COremoval

removalCO
CO yf1

)f(1y
y

′−

−×′
=′′  

where,  

fremoval = 0.85, 0.9, or 0.95; 

i = CH4, CO, H2, N2 and Ar. 


